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A

. Q: Please state your name, position, and business address,

My name is Mark Newton Lowry. I am the President of Pacific
Economics Group (“PEG”) Research LLC. My business address is 22 E. Mifflin
Street, Suite 302, Madison; WI 53703. I am testifying in this proceeding on

behalf of Delmarva Power & Light (“Delmarva” or “the Company™).

+ What are vour responsibilities in vour role as company president?

PEG Research is a company in the Pacific Economics Group consortium
which specializes in regulatory economics and utility cost research. Our practice,
which has four experienced PhD economists, is international in scope and has
included projects in eleven countries. Our clients include utilities, regulators, and
public agencies, and this has given us a reputation for objectivity and dedication
to economic science. Alternatives to the traditional North American approach to
regulation are a company specialty. We maintain a large library of documents on
alternative regulation (“Altreg™).

My duties as President of PEG Research include the management of the
company, consultation on Altreg plans, supervision of statistical research, and
expert witness testimony. 1 have testified numerous times on Altreg and utility
performance. Venues for my testimony have included California, Colorado, the

District of Columbia, Georgia, Hawaii, Illinois, Kentucky, Maine, Massachusetts,
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Missouri, Oklahoma, New Jersey, New York, Rhode Island, Vermont, Alberta,
British Columbia, Ontario, and Quebec. I have for many years advised the Edison
Electric Institute (“EEI”) in Washington on Altreg issues. My resume is attached
as Schedule MNL-1.

A recent focus of my work has been Altreg remedies for the chronic
attrition that many utilities face today due to the kind of regulatory lag that
traditional regulation produces under today’s business conditions. I have advised
clients on how Altreg can alleviate chronic attrition, helped them to design
specific measures, and testified in support of measures on numerous occasions.

EEI has recently published two white papers that I wrote on regulatory lag
issues. These are: Forward Test Years for U.S. Electric Utilities (2010) and
Innovative Regulation: A Survey of Remedies for Regulatory Lag (2011). Copies

of these papers are attached as Schedule MNL-2 and Schedule MNL-3.

: Please tell us about vour earlier professional work.

Before assuming my present position I was a partner of Pacific Economics
Group LLC for ten years and managed that company’s Madison office. Prior to
that, I worked for nine years at Christensen Associates, first as a Senior
Economist and later as a Vice President. My career has also included work as an
academic economist. I was for several years a professor of mineral economics at
the Pennsylvania State University and was a visiting professor at the Ecole des
Hautes Etudes Commerciales in Montreal.

In total, I have twenty-seven years of experience as a practicing

economist, spending the last twenty-one years doing work on gas and electric
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4.

utilities. Ihold a PhD in applied economics from the University of Wisconsin. I
have numerous professional publications, been a referee for several scholarly

journals, and chaired numerous conferences on Altreg.

: Are you familiar with the situation of northeastern power distributors such

as Delmarva?

Yes. Over the years I have undertaken Altreg and benchmarking projects
in numerous northeastern states. I am currently testifying on regulatory lag and
Altreg for Potomac Electric Power in the District of Columbia and for Atlantic
City Electric in New Jersey and recently assisted Delmarva in a settlement
conference on Alireg in Maryland. PEG Research actively monitors regulatory

proceedings throughout the Northeast.

: What is the purpose of your testimony?

My testimony addresses the challenge of chronic attrition due to
regulatory lag that Delmarva and many other energy distribution utilities face
today under traditional regulation. I will explain the problem, describe the
consequences, and discuss regulatory measures that mitigate regulatory lag. My
testimony concludes by discussing the specific remedies that Delmarva is

proposing for regulatory lag in this proceeding.

: Please summarize your testimony.

Regulatory lag is a serious obstacle to Delmarva’s ability to earn its
authorized (rate of) return on equity (“ROE”). The Company plans a sustained

increase in its capital spending (“capex”) over the next few years in order to

modemize its infrastructure and improve reliability. The regulatory system under
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7.

Q:

which Delmarva currently operates cannot proﬁde it with the timely rate relief it
needs to undertake this initiative without chronic underearning.

Regulatory lag is a common problem today for gas and electric power
distributors that operate under traditional regulation and are engaged in
accelerated modernization programs. Various Altreg measures are in use around
the country which help to rﬁitigate regulatory laé while preserving regulatory
oversight and incentives for efficient management. I recommend that the
Delaware Public Service Commission (“Commission”) draw from the menu of
options thus developed to reduce the regulatory lag facing Delmarva. The best
steps that the Commission can take in this proceeding are to approve some
combination of a Reliability Investment Recovery Mechanism (“RIM™) and a
multi-year rate plan to begin after new rates are set and to approve the use of fully

forecasted test years in future Delmarva proceedings.

Please explain the concept of regulatory lag and why it should matter to

regulators.

Regulatory lag is the delay between the time when a utility’s ROE
deviates from the target set by regulators and. the time when an offsetting rate
decrease or rate increase is implemented. When the ROE is below the target,
regulatory lag prolongs underearning.

Regulators have the job of ensuring that the terms of utility service are just
and reasonable. This is usually understood to mean rates that give the utility a fair

chance of earning its target ROE with good management. This just and

reasonable standard is not met when a combination of regulatory lag and external
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8.

business conditions creates an environment where a utility making sound
economic choices experiences chronic underearning. This is unfortunately the
situaﬁon that Delmarva will face during its accelerated modernization program if
there is no reform in the Commission’s largely traditional approach to the

Company’s regulation.

: Please explain_why an emergy distributor might experience chronic

underearning under traditional regulation.

Chronic underearning is likely to occur when a regulatory system cannot

produce revenue growth sufficient to compensate a utility for its cost growth.
Between rate cases, the base rate revenue of a utility under traditional regulation
1s driven only by growth in billing determinants such as the volume of deliveries
and the number of customers served. The “horse race” between cost and billing
determinants thus determines the need for attrition relief. Cost growth can exceed
the growth in billing determinants for reasons that are beyond utility control. To
understand how this might occur in the energy distribution business it is
constructive to consider the external business conditions that affect the growth of
a distributor’s cost and billing determinants.

The cost of a utility or any other business is driven chieﬂy. by three
factors: input prices, productivity, and operating scale. My statistical research
over many years has revealed that the nﬁmber of customers is the principal
dimension of operating scale that drives the cost of energy distributors in the short

and medium term. These considerations lead to the following Distributor Cost

Growth Formula, which has been acknowledged by regulators:
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growth Cost = growth Input Prices - growth Productivity + growth Customers.

It can be seen that two of the biggest drivers of an energy distributor’s cost
--- inflation and customer growth --- are substantially beyond its control.
Productivity can be influenced by distributors since they can by their own
initiative reduce their inefficiency. However, productivity growth is also
influenced significantly by external business conditions such as changes in
technology and facility undergroimding requirements. Productivity growth can be
accelerated by a well-managed merger or acquisition but is temporarily slowed by
an accelerated modernization program since this causes the rate base to grow
more rapidly. A slowdown in productivity growth causes cost to grow more

rapidly.

: What external business conditions drive the growth in billing determinants?

Under traditional rate designs, the costs of most US energy distributors are
recovered chiefly by the usage (e.g. volumetric and peak demand) charges of
residential and commercial (“R&C”) customers. The growth of revenue is thus
quite sensitive to the trend in R&C system use, whereas customer growth drives
cost growth. The trend in system use depends mostly on changes in external
business conditions such as income levels, the penetration of energy using

appliances, appliance efficiency standards, building codes, and demand-side

management (“DSM”) programs.



1 10. Q: What are the implications of this analysis?

2 A: From the perspective of an energy distributor, two factors cause cost to
3 grow more rapidly than billing determinants, triggering a need for rate escalation.
4 One is the gap between input price inflation and productivity growth. The other is
5 the tendency of growth in R&C system use to outpace customer growth. The
6 difference between the growth of R&C. system use and customers is sometimes
7 called the growth in “average use”. Thus, the following formula e){plains how

8 external business conditions drive the growth in energy distribution base rates that

10 growth Rates = (growth Input Prices — growth Productivity)
11 - growth Average Use.

12 11.Q: What is known about the input price and productivity trends of energy

13 distributors?

14 A The growth in the productivity of most firms in the economy ---.
15 conventionally measured by (total factor) productivity indexes --- is typically a
16 good bit slower than the inflation in the prices they pay for inputs. That is why
17 prices of most goods and services tend to rise over time. Energy distributors are
18 no exception. Table 1 and Figure 1 detail new estimates that I have prepared of
19 the input price and productivity trends of a large group of energy distributors in

. 9 is needed to avoid attrition:

20 the Northeast U.S. This comparison demonstrates that, for the Northeast as a

I 21 whole, the input price inflation facing power distributors exceeded growth in their

i 22 productivity by an average of about 255 basis points annually from 1999 to 2010.
23
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Table 1

Power Distributors

Total Factor Inflation-Productivity
Input Price Inflation Productivity Growth Gap
[Al [B] [A - B]

' Trends in the Input Prices and Productivity of Northeast

Year

1999 2.76% -0.30% 3.06%
2000 2.47% 3.76% -1.29%
2001 3.58% -1.40% 4.98%
2002 2.92% 2.26% 0.66%
2003 3.70% -1.71% 5.42%
2004 2.29% 3.96% - -1.68%
2005 3.31% -0.12% 3.43%
2006 3.21% 1.46% 1.76%
2007 2.72% -0.87% 3.59%
2008 3.37% 0.44% 2.94%
2009 4.38% 1.73% 2.66%
2010 3.51% -1.52% 5.03%

Average Annual
Growth Rate

1999-2010 3.19% 0.64% 2.55%

Data Sources: FERC Form 1 (power distributor cost and bond yield), Form EIA-861 (customers), US Bureau of Labor

& Associates (power distribution construction cost index), and Regulatory Research Associates (electric utility allowed
ROE)

Northeast Sample: Atlantic City Electric, Baltimore Gas & Electric, Bangor Hydro-Electric, Central Maine Power, Central
Vermont Public Service, Connecticut Light & Power, Consolidated Edison, Duquesne Light, Green Mountain Power, lersey
Central Power & Llight, Maine Public Service, Metropolitan Edison, NSTAR Electric, Orange & Rockland Utilities, PECO
Energy, Pennsyivania Electric, Pennsylvania Power, Potomac Electric Power, Public Service of New Hampshire, Public
Service Electric & Gas, Rochester Gas & Electric, United llluminating, West Penn Power, and Western Massachusetts

1 Electric

2 Under typical operating conditions, it follows that the trend in the average
3 use of energy by R&C customers which an energy distributor experiences is
4 crucial to its need for rate relief. If average use is growing briskly (e.g. by 2%
5 annually), the usual gap between inflation and productivity growth can be largely

6 offset and rate cases can be avoided for several years at a time. If average use is

. Statistics (labor price indexes), Global tnsight (power distributor material and service price indexes), Whitman, Requardt
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12. Q:

A:

Figure 1

Inflation-Productivity Gap of Northeast
Power Distributors, 1999-2010

3.5%

1.5%

1.0%

Average Annual Growth Rate

0.5%

0.0%

input Price Inflation Total Factor Productivity Inflation-Productivity Gap

static, however, there are no additional margins to offset the inflation-productivity
gap and rate cases will be needed fairly frequently. If average use is declining,
rate cases will be needed frequently, and possibly annually.

The need for attrition relief will be even greater when the inflation-
productivity gap is especially wide. In the case of an energy distributor, for
example, accelerated modernization spurs rate base growth, thereby slowing
productivity growth. The inflation-productivity gap is also widened in a period of
rapid inflation.

Has the ability of average use to help utilities avoid underearning changed

over time?

Yes. U.S government data on trends in the average volumes of power

used by residential and commercial customers are found in Table 2. This table




1 shows that, for more than two decades after World War II, average use by R&C
2 customers grew rapidly. Since, additionally, inflation was typically slow in these
3 years, electric utilities needed very little rate escalation to avoid financial attrition.
4 Rate cases were rare, and since growth in cost and billing determinants was fairly
5 balanced, it usually made sense to set rates using the cost and output in a recent
6 historical test year.

Table 2

TRENDS IN ANNUAL ELECTRICITY USE
BY U.S. RESIDENTIAL & COMMERCIAL
CUSTOMERS, 1926-2010

Year Residential Commercial
Average Growth Rate Average Growth Rate
1927-1930 7.06% ' 6.67%
1931-1940 5.45% 2.00%
1941-1950 6.48% 5.08%
1951-1960 7.53% 6.29%
1961-1970 6.13% 9.51%
1971-1980 2.45% 3.07%
1981-1990 0.63% 1.40%
1991-2000 1.15% 1.68%
2001-2010 0.75% 0.23%

Sources: U.S. Department of Energy, Energy Information Administration, Form
BA-861, "Annual Bectric Utility Report," and Form EIA-826, "Monthly Blectric Utility
Sales and Revenues Report with State Distributions,” and EIA-0035, "Monthly

7 Energy Review.”

8 Growth in average use fell markedly in ensuing decades. This coincided

9 with rapid price inflation in the 1970s and early 80s, and the combination caused
10 a sharp increase in the frequency of rate cases. The need for rate relief in the
11 1990s and early years of the new century was offset by two circumstances. First,

10
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13. Q:

14. Q:

15. Q:

input price inflation slowed markedly from the pace of the seventies and eighties.
Second, most utilitics were still vertically integrated and were not building new
base load power plants. This slowed the growth in their rate bases and

accelerated their productivity growth.

Does the situation of energy distributors today differ from this?

Yes. Energy distributors that are not vertically integrated generally do not
experience déclining rate bases that might accelerate their productivity growth
because they make their plant additions more gradually over time as the urban
areas that they serve expand. As I have shown, the typical productivity growth of
power distributors in the Northeast has in recent years been somewhat below that
of the U.S. private business sector as a whole. Meanwhile, growth in the average
use of power by residential and commercial customers has been fairly slow in the
Northeast. Many natural gas distributors have endured material declines in
residential and commercial average use for more than a decade.

What is the upshot of your analysis?

The persistent gap between inflation and productivity, along with static or
declining average use, means that energy distributors need steady rate escalation
to avoid underearning. The need for rate relief is exacerbated for distributors

engaged in accelerated modernization.

Why is traditional regulation an inadequate remedy for business challenges

like these?

The traditional remedy for persistent attrition is to file frequent rate cases.

This approach does make rates more reflective of trends in business conditions,

11
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and gives the regulatory commission, its staff, and interveners an opportunity to
monitor the company’s activities. However, frequent rate cases have several
drawbacks. First, a rate case is a lengthy process that is expensive to all parties in
the proceeding, and ultimately to customers. 'Utility performance incentives are
weakened. Infrequent rate cases give senior managers more time to devote to the
basic business of providing quality service cost-effectively. Regulators have
more time to devote to other tasks as well.

It is also important to consider that the outcome of a rate case is not
knoWn to the utility until its conclusion, while capital planning decisions require
that the utility make decisions based on expectations of expenditures and returns
forecasted far into the future. The prospect of frequent rate cases increases the
uncertainty about the return that the utility can expect on its investment. The
“risk premium” associated with frequent rate cases can raise the cost of financing
investments. For example, a recent downgrade by Moody’s in the credit rating
for Central Hudson Gas & Electric was attributed in part to that company’s
increased dependence on frequent rate filings in a period of high capex. To make
matters worse, frequent rate cases do not provide sufficient relief for an energy
distributor when they are based on historical or hybrid test years, since these test
year approaches do not fully account for the tendency of cost growth to exceed
the growth of billing determinants between the test year and the rate effective

year.

12
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16. Q:

A:

17. Q:

18. Q:

What are the consequences of not being able to earn the authorized ROE?

Large capex programs require access to capital markets, and the cost of
such programs is increased when capital cannot be raised on reasonable terms.
On the equity side, dilution can occur. On the debt side, the financial metrics
considered by rating agencies can deteriorate and credit ratings may fall, raising
the cost of borrowing funds. The investment community pays close attention to a
utility’s ability to pay its creditors.

Please summarize your views on why traditional rate regulation can lead to
chronic underearning for utilities under contemporary operating conditions.

Traditional rate regulation does not cope well with a business environment
in which cost growth tends to exceed the growth in billing determinants. Rate
cases must be held frequently, and these cases do not provide sufficient rate relief
when they are based on historical or hybrid test years. Chronic underearning can
result, and is especially likely during a campaign of accelerated modernization.

Should utility investors be guaranteed the ability to earn the ROE authorized

by the commission?

No. A guarantee is undesirable, because of its incentive ramifications, but
investors should have a reasonable opportunity to realize the ROE target. In a
period of high capital investment, investors will not have a reasonable opportunity

to realize the ROE deemed to be appropriate by the commission.

13
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19. Q:

20. Q:

How_ does addressing the issue of chronic underearning benefit the

company’s customers?

More timely recovery of capital costs will continue to allow a utility to
attract, at a reasonable cost, the funds needed for capex. This is particularly
important during a program of accelerated modernization, since it is a period of
high borrowing activity. Utilities that earn their authorized ROE are also more
comfortable making the large new investments that may be needed for a modern,
high performance system. Reducing regulatory lag therefore brings into line the
desire of commissions and consumers for improved safety and service reliability
with incentives for the utility to make needed capital expenditures.

Regulatory lag mitigation measures can also permit rate cases to be held
less frequently. The costs to customers of rate cases are reduced. Executives will
have stronger performance incentives and more time to devote to the basic
business of providing quality service cost-effectively. Regulators will have more
time to focus on other issues that matter to customers.

Consider also that some remedies for regulatory lag smooth out rate
changes and the impact of large additions to rate base. The cost of these
investments can be introduced into rates gradually rather than building up and
coming into rates in large increments.

Please apply your analysis to the situation of Delmarva.

Delmarva is the largest electric utility in Delaware. It built its last

generating unit (at Hay Road) in 1993, and its cost growth during the 1990s was

slowed by a declining generation rate base. This circumstance and mergers

14
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between Delmarva and other utilities helped it to operate without a rate increase
for many years.

Like most electric utilities in the Northeast, Delmarva no longer operates
generating plants and instead specializes in transmission and distribution. As a
“wireco”, the Company can no longer count on a declining generation rate base to
accelerate its productivity growth. The distribution rate base has been growing
for years.

Delmarva obtains the lion’s share of its distribution base rate revenue from
residential and commercial customers. Growth in residential and commercial
average use has been fairly sluggish. DSM programs in Delaware are
accelerating, and Delmarva is an active supporter of these programs,' which are
designed to reduce overall bills. Growth in average use cannot be counted on to
offset much of the inflation-productivity gap, and the Company is likely to file
rate cases fairly frequently under normal operating conditions. This case was
filed little more than two years after the Company’s last rate case filing. Rate
case adjustments are made in seven months subject to refund, but a considerably
longer period has recently been required before the Commission renders its final
decision.

Delaware’s current regulatory system involves rate cases with partially
forecasted test years. The Company has under earned for several years. A report
last year on Pepco Holdings by Fitch Ratings stated that “ratings concerns include

persistent regulatory lag at the three utility subsidiaries that causes them to file

15



1 frequent rate cases”.' _An August report on Pepco Holdings in SNL Energy’s

Financial Focus states that

N

3 Regulatory lag continues to be an issue, as the company has consistently
4 under-earned relative to its authorized returns on equity (ROEs),
5 Consequently, rate case activity is expected to remain robust over the next
l 6 few years.
‘ 7 My analysis suggests that undertaking the accelerated modernization
l 8 program without expedited capex cost recovery would worsen Delmarva’s

9 attrition problem. Annual or even more frequent rate cases would be likely, and

10 the Company might reasonably request a higher cost of capital to compensate it

11 for its risk.

12 21. Q: What are some Altreg mechanisms that this Commission should consider to

13 mitigate chronic attrition?

14 A There are numerous well established Altreg measures that, separately or in
15 combination, could give Delmarva a better chance to earn the Commission-
16 authorized ROE during its accelerated modernization program. In this testimony I

17 focus on the four remedies for regulatory lag that are most widely used today:

19 and fully forecasted test years. I will describe each of these lag-mitigation

20 options, the precedents for them, and advantages and disadvantages of each.

! Fitch Ratings,. Fitch Rates Pepco Holdings’ $250 MM S-year 2.7% Notes ‘BBB’; Outlook
Stable”, September 30, 2010.

% SNL Energy Financial Focus, “Pepco Holdings (POM)”, August 26, 2011.

16

' 18 revenue decoupling, multi-year revenue caps, targeted cost recovery mechanisms,
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22.Q:

23. Q:

Please discuss first the revenue decoupling remedies for the problem of
regulatory lag,

The term revenue decoupling refers to a group of regulatory provisions
designed to weaken the link between a utility’s revenue and the use of its system
by customers to take delivery of energy. Decoupling can mitigate the financial
attrition caused by utility DSM programs, thereby reducing disincentives to
pursue DSM, and can also help with external conditions that cause average use to
decline. Three approaches to decoupling are well established: decoupling true-up
plans, lost revenue adjustment mechanisms (“LRAMSs™), and fixed variable
pricing.

This Commission’s Staff, the Division of Public Advocate (“DPA™),
Delmarva Power, & the Department of Natural Resources & Environmental
Control (“DENREC”) are currently in the process of developing a plan for fixed
variable pricing for the Commission to consider. As for the other approaches,
decoupling true-up plans help a utility’s actual revenue track the revenue allowed
by regulators. As with fixed-variable pricing, utilities are protected from declines

in average use but are denied the benefit from any growth in average use.

What are the precedents for decoupling true-up plans?

States that have gas and electric decoupling true-up plans are indicated on
the map below in Figure 2. These include plans for Pepco in the District of
Columbia and Maryland and for Delmarva Power in Maryland. The maps
indicate that there are more plans for gas distributors than for electric utilities.

This reflects the more pervasive character of the declining average use problem

17




1 that gas distributors face. In the electric utility industry, decoupling true-up plans
2 are most likely to be adopted in service territories where there is material decline
3 in average use by R&C customers. Such declines are usually attributable to a
4 large DSM program.

5 Figure 2: Gas & Electric Decoupling True-Up Plans by State

7  24. Q: Please discuss the LRAM approach to decoupling.

8 A: An LRAM explicitly compensates a utility for base rate revenues that are
9 estimated to be lost due to its DSM programs. Compensation for lost margins is
10 usually effected through a rate rider. Compensation is not confined to declines in
11 average use, as it is under decoupling true-up plans and fixed-variable pricing.
12 Any growth in average use that occurs notwithstanding DSM will alleviate
13 undereaming.
18
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Precedents for LRAMs are detailed in Figure 3 below. It can be seen that
LRAMs are less widely used than decoupling true-up plans today. One reason is
that they are less useful for gas distributors, which experience declines in average
use mainly for reasons other than the DSM programs that they administer.
LRAMs have experienced a rebound recently due in part to their use in Duke

Energy’s “Save a Watt” approach to DSM regulation in several states.

Figure 3: Current LRAMsS by State:

25. Q: What_are the pros and cons of revenue decoupling as a remedy for

regulatory lag?

A: Decoupling true-up plans and fixed-variable pricing both alleviate
regulatory lag from declining average use. However, this feature is of no benefit
to the many electric utilities that, like Delmarva, are not experiencing a declining
trend in average use, and utilities are denied the financial benefit of any growth in

average use such as might result from increasing popularity of electric vehicles.

19
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26. Q:

LRAMs provide relief only for the financial effects of DSM programs and permit
the utility to benefit from grth in average use from other sources.

Please describe multi-year plans and explain how they can alleviate chronic
attrition.

Multi-year rate plans are a form of incentive regulation which involve
multi-year moratoriums on general rate cases. The length of such plans is
typically three to five years, but plans as long as ten years have been approved.
Many multi-year rate plans feature predetermined attrition relief mechanisms that
provide rate relief for input price inflation and other changes in business
conditions between rate cases. Predetermined attrition relief mechanisms can be
designed to eliminate regulatory lag and provide funds needed for plant additions,
including accelerated modernization programs. The rate adjustments are largely
“external” in the sense that they give a utility an allowance for cost growth rather
than reimbursement for its actual cost growth. This can strengthen incentives to
contain cost growth. Benefits of the performance improvements that are
stimulated by the plan can be shared with customers. The ability of multi-year
rate plans to provide attrition relief without high regulatory cost or a weakening of
performance incentives constitutes a remarkable advance in the “technology” of
regulation.

Predetermined attrition relief mechanisms may cap the growth of allowed
rates or revenue. Rate caps limit the escalation in rates (e.g. customer charges and
cents per unit of power delivered). They are favored where utilities are

encouraged to bolster system use, since rate caps strengthen incentives to promote

20
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27.Q:

use and can facilitate marketing flexibility by reducing concemns about cross
subsidization.

Revenue caps limit the escalation in allowed revenues. They are often
favored over rate caps where DSM is encouraged and/or declining average use is
aproblem. A revenue cap must be accompanied by some means of converting the
updated allowed revenue to rates. This conversion can take account of the trend
in average use and this can mitigate utility disincentives to promote DSM.
Revenue caps are sometimes accompanied by balancing accounts that ensure that
allowed revenue is ultimately recovered. However, this extra step need not be
taken,

Multi-year rate and revenue caps commonly allow supplemental rate
adjustments for changes in external business conditions that were especially
difficult to anticipate at the time the plan was fashioned. These include changes
in tax rates and other government policies (e.g. conductor undergrounding
requirements and highway relocations) that affect costs. Some multi-year plans
also feature earnings sharing mechanisms that share earnings surpluses and/or
deficits that result when the ROE deviates from its regulated target. Plans also
sometimes feature award and/or penalty mechanisms that are linked to service
quality metrics.

How are predetermined attrition relief mechanisms designed?

Several kinds of attrition relief mechanisms have been established. The

most common approaches are indexing, stairsteps, and hybrids. A price cap index

has the following general form:

21
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28. Q:

Growth Prices = Inflation — X.

In North America the term X in this formula, the “X factor,” often reflects a
productivity growth target that is developed with research on the productivity
trend of a regional or national group of utilities. The indexing approach is more
likely to be used where no capital spending surge is anticipated, which would
complicate calculation of a productivity target.

The stairstep approach to the design of an attrition relief mechanism
provides predetermined fixed increases in allowed revenue which are often based
on forecasts of cost growth. For example, revenue might be scheduled to grow
4% in the first year, 6% in the second, and 2% in the third year of a three year
plan. One advantage of this approach is that it can easily accommodate the high
capex that might result from accelerated modernization. Stakeholders are
compelled to consider a multi-year capex budget, and are given the opportunity
that a rate case provides to weigh in oﬂ its details. Customers may value knowing
in advance the schedule for future revenue increases. However, the stairstep
approach does not, like the indexing approach, adjust rates automatically for
unforeseen inflationary conditions such as might be triggered, for example, by an
oil price shock.

Please explain the hybrid approach to desien of an attrition relief

mechanism.

A hybrid approach involves a mix of indexing and forecasts. In North
America, a hybrid revenue cap typically involves indexes for the component of

allowed revenue that pertains to O&M expenses and stairsteps for the component
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29. Q:

30. Q:

31. Q:

that pertains to capital costs. The stairsteps for capital cost are sometimes fixed in
real terms and then adjusted for construction cost inflation as measured by an
energy utility construction cost index. A company called Global Insight has
maintained input price indexes for utility O&M expenses and construction costs
for many years, and these have been used several times in hybrid attrition relief
mechanisms. Hybrid attrition relief mechanisms exploit the flexibility of
stairsteps in accommodating capex upticks with the streamlining and
hyperinflation protection that indexing provides for O&M expenses.
Is the ROE typically reduced in return for approval of such a plan?

No, since any reduction in risk from the elimination of expected
underearning is offset by the risk of operating for several years without a rate

casc.

What happens in the event that capital spending deviates from the budgets?

| Under a multi-year rate plan the utility typically absorbs 100% of the
annual costs of capex overspends, and keeps 100% of the annual cost savings
from underspends. However, rates are reset in the next rate case to reflect the
remaining net value of capital expenditures during the plan.

What are the precedents for multi-vear rate plans?

Recent precedents for multi-year rate plans of U.S. energy utilities are
summarized in Figure 4. It can be seen that this kind of Altreg has to date been
most common in California and the Northeast. It is used today primarily to
regulate gas and electric power distribution. Multi-year rate plans are also

popular for energy utilities in Canada. They are used to regulate all gas and
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electric distributors in Ontario and are also used in Alberta, Quebec, and British
Columbia. The Alberta Utilities Commission recently directed all gas and electric
power distributors to file multi-year rate plans following many years in which
utilities filed rate cases every two years. Overseas, multi-year rate plans are more
the rule than the exception for energy distributors. The “RPI (retail price index) —

X plans in Britain are especially well known.

Figure 4: US Precedents for Multi-year Rate Plans

——EXpited——

32. Q: Why are multi-year rate plans more popular amongst energy distributors

than amongst vertically integrated electric utilities?

A: This is due in part to the tendency of distribution cost to grow at a
comparatively steady and predictable pace. This makes it easier for parties to
agree on a predetermined rate adjustment mechanism. The popularity of rate and

revenue caps for power distributors also reflects the fact that they need frequent
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33.Q:

34. Q:

rate escalation because they rarely experience the combination of declining rate
base and growth in average use that might permit them to operate for several
years under a rate freeze. Multi-year rate plans can thus sidestep the need for
frequent rate cases over a recurrent set of issues, a situation that I sometimes call
“Groundhog Day regulation”.  Comprehensive base rate freezes are still

occasionally an option for vertically integrated electric utilities.

Which approaches to the design of a predetermined rate adjustment

mechanism are most popular?

Indexing is used in several New England states and Canadian provinces
and is ubiquitous overseas, whereas stairsteps have for many years been used in
Georgia and New York and have recently been used in California. The hybrid
approach was developed in California in the early 1980s and has been used there
by my count more than a dozen times. A revenue cap of hybrid design is
currently used by Hawaiian Electric.

Please discuss the pros and cons of multi-year rate plans as a remedy for the
chronic attrition that Delmarva faces.

Multi-year rate plans are in my opinion the best approach to the mitigation
of chronic attrition. Attrition from changing external business conditions can be
eliminated without frequent rate cases. Regulatory cost is lower, and better utility
cost management is encouraged. If accelerated modernization is planned the
Commission, its staff, and stakeholders are compelled to consider the need for the
investment and the appropriate multi-year budget. The revenue cap variant of a

multi-year rate plan reduces utility disincentives to promote DSM.
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35. Q:

The main challenge with a multi-year rate plan is the difficulty of agreeing
to a predetermined attrition relief mechanism. This is a particular challenge for a
jurisdiction with little experience, but the parties to regulation will gain expertise
over the years. In California, for example, the parties to regulation have been
negotiating these plans for almost thirty years due to a commission rule that limits
the frequency of rate cases. In jurisdictions where there is significant concern
regarding extreme earnings outcomes, an earnings sharing mechanism can be
added to the plan. However, such mechanisms reduce the incentive benefits of
the plan.

In an application to energy distributors it is, as I have said, generally not
too difficult to agree on a predetermined attrition relief mechanism. In my
opinion, the net benefits of multi-year rate plans will eventually become widely
recognized, and such plans will become the most common approach to the
regulation of power distribution utilities in the United States, as they are in other

countries.

Have Commissions recognized the value of multi-year rate plans in avoiding

frequent rate cases?

Yes, the New York Public Service Commission stated in a recent rate case

for Consolidated Edison that

We generally prefer multi-year rate plans in instances

where the terms are broadly seen to be better than those that
might result from a litigated one-year rate case. In addition,

we note that this proceeding includes many of the same, or
similar, issues and major cost drivers as did the Company’s last
one-year electric rate case. These circumstances raise a
significant concern that the public benefit might not be
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36. Q:

A:

optimized if the upcoming Consolidated Edison electric rate
filing--the third in three years--ultimately boils down to
consideration of the same, or similar, issues on which parties
largely just replicate arguments we have already carefully
reviewed and either accepted or rejected. We also question how
well the public interest may be served by the demands on time
and resources of the Company, DPS Staff, and other parties in
the face of continual annual rate proceedings.’

Please discuss the option of fully forecasted test years.

A fully forecasted test year, sometimes called a ﬁlture or forward test year
(“FTY™), is a twelve-month period that begins after the rate case is filed. Most
commonly, an FTY begins about the time that the rate case is expected to end and
thus comes very close to matching the rate effective yeaf. This typicélly involves
forecasting cost about two years into the future. A more conservative approach,
called a current FTY, is to begin the test period around the date of the rate case.
This typically involves forecasting out about one year.

The forecasts used to make FTY cost projections are sometimes company
budgets. Other utilities make a more detailed traditional cost filing for a historical
reference year and then escalate many costs by mechanisms that are similar to
those used to address attrition in multi—yeér rate plans. Global Insight forecasts of
growth in power distributor O&M input price and construction cost indexes are
useful for this.

The use ;)f a forward test year would permit Delmarva’s rates to more
accurately reflect expected input price inflation and customer growth in the rate

effective year. It would also allow for earlier inclusion of capital projects in base

3 New York Public Service Commission, Order, 08-E-0539, April 24, 2009 p. 282.
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37. Q:

rates because under a forward test year the costs of all projects can be included in
rates which are likely but not certain to be finished during the rate effective year.
What are the precedents for forward test vears?

We have already noted that historical test years made sense in the early
decades of the postwar period when cost growth was more similar to growth in
billing determinants. Forward and hybrid test years were adopted in many
jurisdictions during the 1970s and 1980s when rapid input price inflation
coincided with slower growth in average use. The Delaware Commission
sanctioned use of an FTY in a 1983 Delmarva Power & Light filing.

Commissions in several additional states have recently moved in the
direction of FTYs. Many of these states are in the West, where comparatively
rapid economic growth has required higher capital expenditures. However, the
Tlinois Commerce Commission (“ICC”) recently accepted a return to forward test
years in a rate case for Peoples Gas Light and Coke in Chicago. The company
was undertaking an accelerated modernization program.

Current state policies concerning test years are summarized below in
Figure 5. It can be seen that forward test years are the norm in twelve states.

The “other” category in Figure 5 includes states that use a mix of historical and
forward test years (e.g. Illinois), states that are transitioning towards forward test
years (e.g. New Mexico and Utah), and jurisdictions like Delaware that use hybrid

test years.
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38. Q:

A

39. Q:

A

Figure 5: Test Year Policies by State
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Please summarize the pros and cons of a forward test year.

A forward test year can provide effective relief from the problem of
chronic attrition. Capital can be obtéined on more reasonable terms and rate
shock can be avoided. Forward test years can also in some circumstances produce
a reduction in the frequency of rate cases. In an application to a distributor with a
sustained increase in capex, however, frequent and possibly annual rate cases are
still quite likely with forward test years absent additional measures such as

expedited capex cost recovery.

What would be a conservative way for this commission to move in the

direction of a fully forecasted test vear?

To increase confidence in cost projections the Commission could require

Delmarva to continue to file detailed, traditional cost evidence for a historical

reference year with the usual known and measurable changes and ask that any
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40. Q:

additional escalation of cost to the forward test year be limited where possible to
external index-based adjustments. These could use the custom Global Insight
indexes of utility input price inflation which I discussed earlier. Utilities may,
additionally, be asked to report retrospectively on the accuracy of their cost
forecasts.

Another cautious step in the direction of forward test years would be to
permit a current FTY with an interim rate that takes effect early in the proceeding
subject to refund. This would effectively address the problem of regulatory lag
without a two-year cost forecast. In .Delaware, utilities already use a hybrid test
year and can implement a rate increase equal to the lesser of 15% of the utility’s
intrastate revenues or $2.5 million, subject to refund, 60 days after filing a rate
case. It is not a large step to move the test year forward several months and

expand or eliminate the fixed dollar cap.

Are there ways to improve the effectiveness of hybrid test years in relieving

regulatory lag?

Yes. The Commission can extend the number of future months for which
known and measurable changes are allowed. The Commission could also employ
a terminal rate base rather than the average value of the rate base over the test
period. During a time of high capex like Delmarva has initiated, and has plans to
increase in future years, a terminal rate base is somewhat more reflective of the
level of investment that is expected during the rate-effective period. It is,
additionally, known and measurable prior to the time that the Commission issues

its rate case decision.
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l 1 41.Q: Please explain the concept of targeted cost recovery mechanisms and address
. 2 their advantages as remedies for regulatory lag.
l 3 A: Targeted cost recovery mechanisms expedite recovery of particular costs
4 outside of general rate cases. They are used in various situations where it is less
I 5 practical to rely on general rate cases to adjust rates for changes in particular
l 6 utility costs. For example, the energy costs of most utilities have been recovered
7 with such mechanisms for years because the volatility and substantial size of these
l 8 costs would otherwise lead to frequent general rate cases or elevated earnings
. 9 risk. Other volatile costs that are sometimes recovered using targeted cost
10 recovery mechanisms include those for pensions and uncollectible bills.
11 While the use of targeted mechanisms to recover volatile costs is well
' 12 known and accepted, it is less widely recognized that under today’s business
13 | conditions such mechanisms are also used to expedite recovery of costs that drive
' 14 overall cost growth, irrespective of their volatility. This can mitigate any
' 15 tendency of revenue growth to lag cost growth. It also reduces the frequency of
16 rate cases because the residual cost that is recovered through conventional rates
' 17 grows more slowly. Costs that are targeted for expedited recovery because of
l 18 their impact on cost growth include those for health care, DSM, anci capex.
19 Expedited capex cost recovery mechanisms recover costs of capex that
l 20 causes growth in the rate base. The costs associated with the rest of the rate base,
l 21 which are subject to recovery via conventional rates will therefore usually grow
22 more slowly. The greater is the percentage of capex cost recovered by such
' 23 mechanisms, the slower is the growth in the residual rate base. This reduces the
|
31
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42. Q:

need for rate cases. If the recovery of all capex is recovered contemporaneously,

the residual rate base will certainly decline.

‘Under what circumstances do regulators typically approve expedited

recovery of capex costs?

Expedited recovery is most comrhonly approved for major capital
spending programs. Major capex programs are undertaken for diverse reasons.
Base load generation is a common type of major plant addition for vertically
integrated electric utilities. Utilities engaged in transmission sometimes make
large investments in new facilities to promote regional power trade or to access
remote resources. Both kinds of investments can take more than a year to
construct.

An allowance in rates for funds used during construction is traditionally
not permitted until assefs are used and useful. However, interest on these funds is
added to the value of the asset that is ultimately added to the rate base. This
allowance for funds used during construction (“AFUDC”) produces extra interest
expenses and rate “shock” when the rate base addition is ultimately made. The
delay in receiving' a return on investment reduces a utility’s cash flow and
increases its risk. The resultant higher cost of obtaining funds in capital markets
also increases the cost of plant additions that customers ultimately pay. Many
commissions address ‘these problems by including costs of construction work in
progress (“CWIP”) in the rate base so that a return on investment can start sooner.
Expedited capex cost recovery is often used in lieu of frequent rate cases to

recover the return on CWIP.

- 32



10

11

12

13

14

15

16

17

18

19

20

43. Q:

A:

What about energy distributors?

For energy distributors, major capex programs are usually occasioned by
an accelerated modernization program. These investments are typically made to
improve metering capabilities and/or the reliability or (in the case of gas
distributors particularly) the safety of service. Unlike capex for generation or
customer connections, these kinds of investments don’t naturally trigger new
revenue when facilities become used and useful. The annual plant additions may
not be as large as that for new or repowered baseload generation, and facilities
become used and useful over a series of years instead of in one year. However,
the annual expenditures can still be sizable. Under traditional regulation, utilities
do not recover with interest the cost of past depreciation on new used and useful
assets when they are added to the rate base. Timely recovery of the cost of
accelerated modernization will therefore require frequent rate cases under
traditional regulation. Expedited recovery of the accumulating annual cost of the
new investment can help a distributor finance enhanced modernization without
frequent rate cases or the rate shock and higher capital cost that can occur if rate
cases are held less frequently. Expedited recovery of the cost of capex for
generation emissions scrubbers has appeal for much the same reason, as a
program to b;.lild scrubbers for several generating units often produces new used

and useful equipment each year.
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44. Q:

45. Q:

Does this ratemaking treatment sometimes extend beyond accelerated capex

to more routine capital expenditures?

Yes. In Ohio, for example, the three First Energy utilities are on their
second round of expedited recovery of substantially all of their electric
distribution capex costs. A similar approach is contained in a recent electric
distribution settlement for the American Electric Power utilities in Ohio. In
Texas, Atmos Pipeline and Centerpoint Energy Entex have mechanisms for
expedited recovery of most capex costs called Interim Rate Adjustments. Texas
law was recently revised to sanction a similar mechanism, called the Distribution
Cost Recovery Factor, for electric distributors. Other utilities with unusually
broad-based capex cost recovery mechanisms include Atlanta Gas Light, Cleco
Power, and Duke Energy Ohio.

What are the “capex costs” that are typically recovered by these

mechanisms?

Most capex cost recovery mechanisms recover the accumulating annual
capital costs that result from the targeted capex until a general rate case permits
these costs to be recovered through conventional rates. The annual cost of capex
includes a return on the value of the assets, depreciation on plant in service, and
associated net taxes. The operation of a capex cost recovery mechanism thus
requires a specification of the rate of return on plant and a depreciation rate. An
adjustment is sometimes made for the retirement of plant that is occasioned by the

capex.
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46. Q:

47. Q:

48. Q:

In a rate case a test vear must be chosen. How is this issue handled in

expedited capex cost recovery?

Many mechanisms are designed to recover a forecast of the capital cost in
the upcoming year. Some mechanisms have more of a hybrid test year flavor.
The mechanisms in several New Jersey plans, for instance, recover only the
annual cost of the plant in service and CWIP in rate base at a date a few months
prior to the implementation of the new capex recovery surcharges. This approach

produces less attrition relief than the fully forecasted approach.

What protections would consumers have against an inaccurate cost forecast?

Capex recovery mechanisms that feature cost forecasts usually involve a
periodic (e.g. annual) reconciliation of the revenue gathered by the mechanism in
previous years to an updated estimate of the cost that was incurred. The annual
filing is for this reason often called a “reconciliation” filing even though it usually

addresses several other issues.

How are deviations of actual capex from capex budgets treated?

In most plans, underspends are passed entirely to customers and capex in
excess of budgeted amounts is subject to eventual prudence review. However, the
capex budgets in some plans are hard caps. In California where, as we have seen,
experience with incentive regulation is quite extensive, sharing mechanisms are
sometimes used in which positive and negative deviations from budgets in a
prescribed range are shared mechanistically (e.g. 90%/10%) between customers

and shareholders.
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49. Q:

50. Q:

51. Q:

How is the integrity of reconciliation filings ensured?

The accuracy of the filings can be addressed in the proceedings that
review the filings and/or in the next general rate case. Additionally, some utilities
have committed to periodic internal or external audits of these filings.

What attention is paid in expedited capex recovery mechanisms to the

reasonableness of investments?

Most expedited capex cost recovery mechanisms for energy distributors
are the outcome of a proceeding in which a detailed multi-year investment plan is
presented that includes the specific projects to be undertaken and an estimate of
their cost. This gives the Commission an initial opportunity to appraise the
increase in capex that gives rise to the request for expedited cost recovery.

The subsequent reconciliation proceedings may consider the
reasonableness of updated forecasts of new projects and their costs. These
proéeedings are commonly assigned a window of a few months to be resolved.
The proceedings usually allow for data requests, and some permit other parties to
file testimony before the Commission makes its decision.

Costs and projects are, additionally, usually subject to a final commission
review when the net plant additions are added to the rate base. When the capex
recovery mechanism involves cost forecasts, these reviews usually occur in the

next general rate case.

What protections are provided against rapid rate growth?

In addition to the protections provided by commission reviews of capex

costs and budgets, a few capex recovery mechanisms have featured “soft” caps
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52. Q:

that limit the revenue growth that can be triggered by the mechanism. Any
shortfalls in the recovery of approved capital costs due to the cap can be
recovered later with interest.

Please discuss the pros and cons of expedited capex cost recovery.

Expedited capex cost recovery is a sensible remedy for the regulatory lag
of an energy distributor engaged in accelerated system modernization.
Underearning can be mitigated, reducing the cost of obtaining funds in capital
markets. Annual rate cases are likely to be avoided if the distributor is,
additionally, protected from material declines in average use. Regulation is
thereby streamlined, and utility performance can be improved. In confrast to
multi-year rate plans and forward test years, forecasts are required only for the
targeted capex, and these forecasts are subject to annual reconciliations. Rate
shock is mitigated. In summary, expedited capex cost recovery makes particular
sense for commissions that want to encourage system modernization and
recognize the potential for underearning but prefer not to mitigate the problem
using salient alternatives such as forward test years.

One factor to address in the development of a capex recovery mechanism
is the need to ensure that the capital spending that is thereby encouraged is
appropriate by making sure that the capex is really needed and undertaken
efficiently. These concerns can be mitigated by a well designed plan. Multi-year
capex plans should reflect extensive evidence on the specific projects to be
undertaken and their efficiency compared with alternative means of improving

reliability. Plans should create a material risk that costs in excess of budgets will
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53. Q:

not be recovered, and perhaps also provide the utility with an opportunity to share
in the benefit of underspends.

How does expedited capex cost recovery benefit electric distribution

customers?

More timely recovery of capex costs will continue to allow the Company
to attract, at a reasonable cost, the capital that it needs for investments. This
avoids potentially higher costs for customers and is particularly important in a
period of high capex since more capital must be raised. Utilities that have a
reasonable opportunity to earn their authorized ROE are also more comfortable
making the large new investments needed for a modern, high performance
distribution system. Reducing capex-exacerbated attrition therefore brings mnto
line the desire of consumers for reliability and safety improvements with
incentives for a utility to make the requisite capital expenditures.

Attrition mitigation measures also benefit customers by streamlining the
regulatory process. The costs that customers ultimately pay for frequent rate
cases are reduced. Executives will have more time to oversee the reliability
improvement program and make sure that it improves the quality of service cost-

effectively. Regulators are freed to focus on other issues that affect customers.

+ Has the ability of capex recovery mechanisms to reduce the frequency of rate

cases been acknowledged by regulators?

Yes. The ICC, for example, recently approved expedited capex cost
recovery for an accelerated modernization program of Peoples Gas Light and

Coke in Chicago. The ICC, in its decision approving the mechanism,
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1 acknowledged its superiority over alternative remedies such as frequent rate cases

2 and regulatory assets. Concerning the former, it stated that

3 From our perspective, rate cases consume vast amounts of time,
4 money, and resources, and are not only burdensome for utilities
5 and other parties. They also strain the limited resources of the
6 Commission and its Staff and divert attention from other pressing
7 matters. Ultimately too, rate case costs are consumer costs. We
8 cannot and will not speculate on when the Company will need to

Ly f] Iy
= . g . '

9 come in for a rate case in the future, but it is reasonable to believe
10 that Rider ICR may extend that period and to that extent, it is
11 reasonable. Notably too, we do not see Staff or any other party to
12 say that they prefer annual rate cases.”

' 13  55.Q: Have you examined the impact of expedited capex cost recovery on capital

' 14 costs?

' 15 A: Yes. Table 3 presents selected credit quality metrics for a large sample of

' 16 electric utilities that did and did not have capex recovery mechanisms over the

17 2008-2010 period. The source is Credit Stats: Electric Utilities - U.S. The report

l 18 was prepared by Standard and Poor’s (“S&P”) and appears in the Global Credit

' 19 Portal of its RatingsDirect service. I present results for four credit metrics: S&P’s
20 corporate credit rating, the (rate of) return on capital, and two cash flow ratios

l 21 (EBITDA/interest coverage and FFO/Debt).

l 22 Cash flow ratios are used by credit analysts to assess a utility’s ability to

‘ 23 service debt. The cash flow measures in the numerators of these ratios are

l 24 normally calculated as adjustments to net income that add back cash flows that

'{ 25 could be used to service debt. FFO (funds from operations), for instance, adds

. ‘;741111in0is Commerce Commission, Order, 09-0166 and 09-0167 Consolidated, January 21, 2010 pp. 173-

' .
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Table 3

How Electric Utility Credit Metrics Differ
by Use of Capex Cost Recovery
Mechanisms, 2008-2010

' S&P Corporate  Rate of Return EBITDA/Interest
Company Name . Credit Rating on Capital (%) Coverage FFO/debt (%)
' Use Capex Cost Recovery Mechanisms
Alabama Power A 9.7 5.2 24.0
Appalachian Power BBB 54 2.8 9.8
I Cleveland Electric lluminating BBB-/BBB 7.1 3.7 13.9
, Columbus Southem Power BBB 13.0 5.6 25.1
Dayton Power & Light BBB+/A- 156.2 135 499
- Duke Energy Indiana A- 79 54 18.9
' Duke Energy Ohio A- 59 7.4 278
Florida Power & Light A-A 9.5 6.9 325
Georgia Power A 8.7 4.7 19.7
Indianapolis Power & Light BB+/BBB- N/A NA N/A
i Kansas Gas & Electric BBB-/BBB N/A N/A N/A
| Kentucky Power BBB 58 33 147
Kentucky Utilities BBB+ N/A N/A N/A
: Louisville Gas & Electric BBB+ N/A N/A N/A
MidAmerican Energy A- 76 4.8 259
| Mississippi Power A 102 8.4 317
Northem States Power MN BBB+/A- 8.5 46 236
Chio Edison BBB-/BBB 9.8 3.8 19.1
Ohio Power BBB N/A N/A N/A
l Pacific Gas & Electlric BBBE+ 9.3 4.8 22.0
PPL Electric Utilities A- 78 4.9 23.0
_ Portland General Electric BBB/BBB+ 6.8 3.7 17.7
Progress Energy Florida BBB+ 96 42 164
Public Service Co. of Colorado BBB+/A- 8.3 5.0 196
Southem California Edison BBB+ 9.9 4.2 26.0
Public Service Co. of Oklahoma BBB 7.8 3.8 18.8
Toledo Edison BBB-/BBB 8.0 3.2 104
I Virginia Electric & Power A- 8.8 45 19.6
- Westar Energy BBB-/BBB 6.4 3.7 154
l Averages BBB+ 8.6 5.1 219
No Capex Cost Recovery Mechanisms
Arizona Public Senice BBB- 7.3 4.5 224
Ameren Missouri BBB- 7.2 3.7 20.2
l Baitimore Gas & Electric BBB/BBB+ 5.6 4.0 224
Black Hills Power BBB- 76 3.7 19.3
Central Hudson Gas & Electric A 10.1 4.8 16.4
l Connecticut Light & Power BBB 7.7 48 15.1
: Consumers Energy BBB- 9.3 45 19.1
) Detroit Edison BBB/BBB+ 9.0 5.0 215
Duke Energy Carolinas A- 8.6 3.9 19.7
Duke Energy Kentucky A- 7.7 6.1 25.1
El Paso Electric ~ BBB 9.3 4.0 20.8
Empire District Electric BBB- 6.9 3.5 16.0
Entergy Arkansas BBB 6.6 43 212
Entergy Gulf States Louisiana 8BB 76 35 25.1

I




S&P Corporate  Rate of Return on EBITDA/Interest
Company Name Credit Rating Capltal (%) Coverage FFO/debt (%)

No Capex Cost Recovery Mechanisms {continued)

Entergy Louisiana BBB NA N/A N/A
Entergy Texas BBB 6.1 26 52

Green Mountain Power BBB NA N/A N/A
ldaho Power BBB 6.8 36 14.2
Interstate Power & Light BBB+ 8.0 49 253
Jersey Central Power & Light BBB-/BBB 8.9 70 28.9
Kansas City Power & Light BBB 6.6 40 1563
Massachusetts Electric A- NA N/A N/A
Monongahela Power BBB- NA N/A N/A
Narragansett Electric A- NA N/A N/A
Nevada Power BB 6.7 25 11.0
Niagara Mohawk Power A- NA N/A N/A
Northem Indiana Public Service BBB- 8.3 75 26.5
Northem States Power W| A- 8.9 6.1 30.9
Orange & Rockland Utiliies A- NA N/A N/A
PacifiCorp A- 7.3 4.0 229
Potomac Edison BBB- NA N/A N/A
Potomac Electric Power BBB/BBB+ 6.8 39 20.1
Progress Energy Carolinas BBB+ 11.0 55 29.1
Public Service Co. of New Mexico BB- 4.5 24 15.3
Rochester Gas & Electric BBB/BBB+ 7.7 30 14.9
Siemrra Padfic Power BB 7.6 33 15.8
Southern Indiana Gas & Elediric A- 8.9 54 25.3
Southwestem Electric Power BBB 7.0 28 15.8
Southwestem Public Service BBB+/A- 6.7 34 13.8
Texas-New Mexico Power BB- 5.7 34 18.6
Tucson Electric Power BB+ 8.8 38 17.6
West Penn Power BBB- NA N/A N/A
Wisconsin Electric Power A- 3.8 38 14.7
Wisconsin Power & Light A- 94 44 26.2
Wisconsin Public Service A-IA 9.9 57 28.7
Average BBB 1.7 43 20.0

Indeterminate

AEP Texas Central BBB 6.8 50 19.2
AEP Texas North BBB 75 43 21.1
Atlantic City Electric BBB/BBB+ 6.9 44 12.0
Central Maine Power BBB+ 7.3 48 21.0
CenterPoint Energy Houston Electric BBB 85 49 20.2
Cleco Power BBB 86 34 10.5
Commonwealth Edison BBB-BBB 6.2 3.5 175
Duquesne Light BBB- NA N/A N/A
Entergy Mississippi BBB 7.7 46 15.6
Entergy New Orleans . BBB- 10.7 5.1 284
Gulf Power A 89 5.7 19.6
Hawalian Electric BBB-BBB 6.9 44 16.5
Indiana Michigan Power BBB 8.3 27 18.9
Metropolitan Edison BBB-BBB 7.4 55 21.7
NSTAR Electric A+ 10.4 76 225
Okahoma Gas & Electric BBB+ 8.8 5.5 26.7
Oncor Electric Delivery BBB+ 8.9 40 15.6
PECO Energy BBB 8.6 6.0 19.0
Pennsyivania Electric BBB-BBB 8.0 40 14.1
Pennsyivania Power BBB-BBB NA N/A N/A
Public Service Electric & Gas BBB 8.3 49 20.3
Public Service Co. of New Hampshire BBB 7.8 47 13.7
South Carolina Electric & Gas BBB+/A- 8.2 42 15.4
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S&P Corporate  Rate of Return on EBITDA/Interest

Company Name Credit Rating Capital (%) Coverage FFO/debt (%)
Indeterminate (continued)

Tampa Elecfric BBB-BBB 10.0 47 25.0

Western Massachusetts Electric BBB 6.1 4.7 11.6

Average BBB/BBB+ 8.1 4.7 18.5

Source of data: Standard & Poor's Ratings Direct, Credit Stats: Electric Utilities -- U.S. August 24, 2011. Group averages of
corporate credit ratings computed by PEG Research for the fiscal years 2008-2010. All other averages provided by Standard &

Poor's.

S&P does not guarantee the accuracy, completeness, timeliness or availability of any information, including ratings, and is not
responsible for any errors or omissions (negligent or otherwise), regardless of the cause, or for the results obtained from the use
of ratings. S&P gives no express or implied warranties, including, but not limited to, any warranties of merchantability or finess
for a particular purpose or use. S&P shall not be liable for any direct, indirect, incdental, exemplary, compensatory, punitive,
special or consequential damages, costs, expenses, legal fees, or losses (induding lost income or profits and opportunity costs)
in connection with any use of ratings. S&P's ratings are statements of opinions and are not statements of fact or
recommendations to purchase, hold or sell securities. They do not address the market value of securities or the suitability of
securities for investment purposes, and should not be relied on as investment advice.

back depreciation and amortization expenses. EBITDA (earnings before interest,
taxes, depreciation, and amortization) adds back interest and taxes as well as
depreciation and amortization.

Table 3 reports averages for each of the metrics for sampled utilities over
the 2008-2010 period. There is an indeterminate category for utilities that are not
easily categorized as having operated under capex recovery mechanisms
throughout this period. I include in the capex cost recovery mechanisms category
the retail formula rates used by a few Southern utilities, since these effectively
provide expedited treatment of capex costs.

Caution must be taken in making comparisons in as much as these metrics
may differ between the sampled utilities due to differences in several other
business conditions as well as due to differences in the use of expedited capex
cost recovery. The other relevant business conditions include the ability to rate
base CWIP, the local severity of the recent recession, and whether or not utilities

operated under forward test years, multi-year rate plans, or some kind of revenue
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56. Q:

57. Q:

A

decoupling. Despite these complications, the samples may be large and diverse
enough to shed some light on the effect that capex recovery mechanisms have on

credit metrics.

Please discuss the results of this research.

Comparing the results for electric utilities, it can be seen that the values of
all four credit metrics were typically more favorable for utilities that had capex
recovery mechanisms than for those that did not.
e The capex recovery mechanism utilities had a typical credit rating of
BBB+ whereas those that did not had a typical credit rating of BBB.

o The capex recovery mechanism utilities had an average rate of return
on capital of 8.6% whereas those that did not had an average return of
7.7%.

o The capex recovery mechanism utilities had an average
EBITDA/interest coverage of 5.1 whereas those that did not had an
average coverage of 4.3.

e The capex recovery mechanism utilities had an average FFO/debt ratio
of 21.9 whereas those that did not had an average ratio of 20.0.

What are the precedents for expedited capex cost recovery?

Recent precedents for expedited capex recovery mechanisms for electric
and gas utilities are summarized in Figure 6. It can be seen that there are
precedents in numerous states, including the neighboring states of Pennsylvania

and New Jersey. Those for power distribution capex most commonly recover the
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cost of AMI or more general accelerated modernization programs that improve
reliability.

Figure 6 also shows that many gas distributors have capex cost recovery
mechanisms. Gas distribution systems in some areas of the country are
considerably older than their electric counterparts. The older facilities were often
built with cast iron and/or bare steel, materialé which today entail high
maintenance costs and raise safety concerns. Expedited capex cost recovery helps

gas distributors accelerate the replacement of these old facilities.  The

phenomenon is especially common in the Northeast and East Central states.

Figure 6: Recent Capex Cost Recovery Precedents for US Energy

Utilities

Figure 7 shows that contemporaneous capex cost recovery is also common

in the water utility industry. Northeastern and East Central states are once again
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58. Q:

national leaders. In Delaware, Distribution System Improvement Charges
(“DSICs™) have been approved for several water utilities under the authority of
Chapter 138 of the Delaware Code. I believe that these gas and water utility

precedents are quite relevant to the consideration of Delmarva’s proposal.

Figure 7: Recent Capex Cost Recovery Precedents for US Water

Utilities

Whv migcht regulators choose expedited capex cost recovery over alternative

remedies for chronic attrition?

Decoupling true-up plans and fixed-variable pricing can substantially
reduce chronic attrition only for utilities experiencing a substantial decline in
average use. This is not the situation of most electric utilities today. As for the
other popular remedies, forward test years and multi-year rate plans can involve
more sweeping changes in the regulatory system. Moreover, frequent rate cases
are still needed with FTYs in a period of enhanced distribution system

modernization. Contemporaneous capex cost recovery can surgically address the
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special challenge posed by sustained high capex and reduce rate case frequency

without sweeping changes. For example, any forecast of future capex cost

recovered through the mechanism can be subject to future reconciliation. There is

no need to forecast other capital costs or future O&M expenses.

59. Q: Isn’t_expedited capex cost recovery a non-comprehensive approach to

ratemaking?

Yes, but in an era when traditional regulation can produce chronic

underearning and encourage frequent rate cases, many commissions today find

non-comprehensive remedies preferable to the salient comprehensive remedies.

In addition to expedited capex cost recovery, decoupling is a non-comprehensive

remedy, and is clearly popular in many states.

Non-comprehensive remedies have traditionally triggered concerns about

overearning, but I have shown that the strength of this concern is an artifact of

historical operating conditions that differ from those facing contemporary energy

distributors. Overearning from expedited capex cost recovery is much less of a

concern in an environment where cost growth is clearly outpacing revenue

growth, as I have shown to be the case for distributors engaged in accelerated

modernization. Earnings can, in any event, be closely monitored if overearning is

a particular concern.

60. Q: Please describe the Reliability Investment Recovel_y Mechanism that_you

Al

helped the Company to design,

The RIM is an expedited cost recovery mechanism that would target

Delmarva’s reliability-related capex costs.

The investments subject to cost
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61. Q:

recovery through the RIM would replace aging distribution facilities and/or
improve reliability in Delaware. The capex addressed by the RIM would occur
after the test year and is not included in the rate base the Company is proposing in
another part of this proceeding. For example, it would not include the cost of
AMIL Costs of new connections are also excluded and none of the investments
would generate new revenue automatically.

Filings would be made annually which forecast, with month to month
itemization, the accumulating annual cost of RIM investments in the upcoming
year .and make certain adjustments for the operation of the RIM in prior years.
The cost would be recovered via a rate rider, as discussed in the testimony of
Company Witness Santacecilia.

How Wpuld RIM-related costs be treated in future rate cases?

In the Company’s next general rate case following implementation of the
RIM, the un-depreciated balance of the capex, constituting the great bulk of the
total, would be considered for inclusion in the rate base. RIM charges related to

costs that are included in the rate base at that time would be terminated.

62. Q: Please describe in more detail the calculation of the RIM revenue
requirement.
A: One component of the revenue requirement would be a return on

investment. The eligible investment would include appropriate capitalized
expenses and the CWIP on facilities that are not yet used and useful. The revenue
requirement would also include depreciation on plant that is used and useful and

an adjustment for changes in taxes that result from the capex. The calculations
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63. Q:

64. Q:

would use the Commission-approved depreciation rates and weighted average
cost of capital. An illustrative calculation of the revenue requirement and RIM
charge is provided in the Direct Testimony of Company Witness Santacecilia.
This schedule details the calculation of monthly revenue requirements and an
annual charge for the RIM over a 12-month period.

What adjustments would be made in the annual{':fi]ing?

The annual RIM filing would, additionally, adjust the revenue requirement
for variances between last year’s actual costs and RIM revenues. Thus, customers
would only pay the costs that Delmarva actually incurs. Any differences would
be added to the RIM tariff or, in the case of underspends, returned to ratepayers
through that tariff. In calculating the monthly interest on net over- and under-
recoveries, the interest rate would be based upon the Company’s interest rate
obtained on its commercial paper and/or bank credit lines. H‘ both commercial
paper and bank credit lines have been used, the weighted average of both sources
of debt would be used.

What precautions would be taken against a RIM miscalculation?

The Company would conduct an internal audit of the RIM each year and
report its outcome in the annual hearings. This audit would mclude a
determination of whether the costs recovered through the RIM were recovered,
redundantly, through other approved tariffs; whether the surcharges were properly
billed to customers in the correct time periods; and whether the costs and

revenues were properly identified and recorded. Any errors discovered would be
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65. Q:

66. Q:

67. Q:

68. Q:

factored into the new RIM tariff with interest. The Sarbanes-Oxley Act provides

further protections against RIM miscalculations.

What protections exist against overearning under the proposed RIM?

Chronic overearning is in my view unlikely under the plan. Delmarva has
been underearning for many years, as described in Company Witness Von
Steuben’s testimony and capex will be higher prospectively, increasing expected
attrition. The Company will, in any event, continue to file quarterly earnings

statements.

Would approval of the RIM completely eliminate the need for base rate cases

in the next few years?

No. The RIM would address an emerging source of chronic attrition, but

would not address all the sources of the Company’s underearning. There would

still be a need for occasional base rate cases.

Would the RIM have an expiration date?
A fixed expiration date is not proposed. However, the Commission can

initiate a special proceeding to review the RIM at any time. The extension,

modification, or termination of the RIM can be considered in such a proceeding.

Please explain how the RIM maintains strong incentives for capex
containment.
Delmarva will file in this proceeding extensive information on its

proposed RIM expenditures over a multi-year period. The filing will include data
on specific projects and their estimated costs and completion dates. This

proceeding should provide sufficient time for the Commission to consider and
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69. Q:

comment on the general need for increased reliability capex. Parties to the
proceeding can potentially agree on a multi-year capex budget and other details of
the investment plan in a settlement.

The proceedings to consider annual RIM filings would have a two month
window for the parties to exchange information on the plan for the coming year
and come to agreement on a set of projects and costs. A full and thorough final
review of whether RIM costs are reasonable would occur in the rate case. This
review would include consideration of whether the investments are used and
useful. The rates to recover the costs of RIM-eligible investments would be
interim rates, and RIM revenues associated with any future cost disallowances
would be subject to true-up with interest in the rate case.

It should also be remembered that, in a period of substantial capex, it will
remain a challenge for Delmarva to manage its business in a way that allows it to
earn close to its authorized ROE. Consider, finally, that the Company will likely
hope for the RIM to continue. This gives Delmarva an incentive to keep the
operation of the RIM non-controversial. For example, the Company will wish to
avoid any appearance of overspending.

Does expedited capex cost recovery make sense for Delmarva’s

infrastruocture investment plan?

Yes. Expedited capex cost recovery would surgically address the
principal source of financial attrition that Delmarva is likely to face in the next
several years. With more investment, reliability would improve. Higher capital

market costs would be avoided, and streamlined regulation would reduce
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70. Q:

71. Q:

regulatory cost and encourage better operating performance. Salient alternatives,
like frequent rate cases and multi-year rate plans, may involve regulatory reforms
that are more sweeping than what the Commission prefers. Expedited capex cost
recovery for RIM projects would permit Delmarva and other parties to regulation
in Delmarva to focus on the challenge of improving system reliability cost
effectively.

You have also proposed that the Commission allow the use of forward test

years prospectively. Is there merit in combining this with a capex tracker?

Yes. I have already noted that the addition of a forward test year to
Delmarva’s current regulatory system will likely solve the Company’s regulatory
lag problem only with frequent rate cases. With a RIM in place, however, a
forward test year can materially help reduce th¢ frequency of rate cases during the
period of accelerated system modernization and beyond. The resultant benefits
would more than make up for the somewhat greater complexity of individual rate
cases. In summary, capex recovery mechanisms and forward test years are

complementary measures for capturing the full benefits of regulatory lag

mitigation.
Are there other regulatory lag mechanisms available to the Commission for

consideration in this proceeding?

Yes, multi-year rate plans are the most common approach to the regulation
of energy distributors in the advanced industrial world. As I mentioned earlicr in

my testimony, I believe this to be the best approach to energy distributor

regulation and that its use will spread steadily in the United States, as it has in
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Canada and many other countries. A multi-year rate plan could be combined with
a RIM, using the multi-year rate plan for conventional costs and the RIM for
expedited recovery of the cost of incremental reliability investments. This would
be especially easy to do with a hybrid or stairstep revenue cap. The multi-year
rate plan would then recover the base capex budget. This approach reduces the
need to establish an accurate multi-year capex budget in this proceeding.

Revenues from incremental capex can be reconciled with the actual capex costs

“annually. Compared to the RIM-only approach, it would provide Delmarva with

72. Q:

73. Q:

A

more effective relief from chronic atirition. Rate cases would be held less
frequently, and this would encourage better utility management by strengthening

incentives for cost performance and affording senior managers more time to focus

on the basic business.
Please summarize the regulatory reforms that you advocate for Delmarva.

I recommend that the Commission adopt a reliability investment recovery
mechanism (“RIM”) and sanction the use of fully forecasted test years in
Delmarva’s upcoming rate cases. The Commission may also want to consider
some form of a multi-year rate plan in conjunction with the RIM.

Does this conclude your testimony?

Yes it does.
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(608) 233-4822 (608) 257-1522 Ext. 23
Date of Birth: August 7,1952
Education: High School: Hawken School, Gates Mills, Ohio, 1970

BA: Ibero-American Studies, University of Wisconsin-Madison, May 1977
Ph.D.: Agricultural and Resource Economics, University of Wisconsin
-Madison, May 1984

Relevant Work Experience, Primary Positions:
Present Position President, Pacific Economics Group Research LLC, Madison WI

Chief executive of the research unit of the Pacific Economics Group consortium. Leads internationally
recognized practice in alternative regulation (“Altreg”) and utility statistical research. Other research
specialties include: codes of competitive conduct, markets for oil and gas, and commodity storage.
Duties include senior management, supervision of research, and expert witness testimony.

October 1998-February 2009 Partner, Pacific Economics Group LL.C, Madison, W1

Managed PEG’s Madison office. Specific duties include project management and research, written
reports, public presentations, expert witness testimony, personnel management, and marketing,

January 1993-October 1998 Vice President
January 1989-December 1992 Senior Fconomist, Christensen Associates, Madison, W1

Directed the company's Regulatory Strategy group. Participated in all Christensen Associates testimony
on energy utility PBR and statistical benchmarking during these years.

Aug. 1984-Dec. 1988 Assistant Professor, Department of Mineral Economics, The
Pennsylvania State University, University Park, PA

Responsibilities included research and graduate and undergraduate teaching and advising. Courses
taught: Min Ec 387 (Introduction to Mineral Economics); 390 (Mineral Market Modeling); 484
(Political Economy of Energy and the Environment) and 506 (Applied Econometrics). Teaching and
research specialty: analysis of markets for energy products and metals.

August 1983-July 1984 Instructor, Department of Mineral Economics, The Pennsylvania
State University, University Park, PA
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Taught courses in Mineral Economics (noted above) while completing Ph.D. thesis.

April 1982-August 1983 Research Assistant, Department of Agricultural and Resource
Economics, University of Wisconsin-Madison

Dissertation research under Dr. Peter Helmberger on the role of speculative storage In markets for field

crops. Work included the development of an econometric rational expectations model of the U.S.

soybean market.

March 1981-March 1982 Natural Gas Industry Analyst, Madison Consulting Group, Madison,
Wisconsin

Research under Dr. Charles Cicchetti in two areas:

- Impact of the Natural Gas Policy Act on the production and average wellhead price of natural
gas in the United States.

- Research supporting litigation testimony in an antitrust suit involving natural gas producers
and pipelines in the San Juan Basin of New Mexico.

Relevant Work Experience, Visiting Positions:

May-August 1985 Professeur Visiteur, Centre for International Business Studies, Ecole
des Hautes Ftudes Commerciales, Montreal, Quebec.

Research on the behavior of inventories in non-competitive metal markets.

Major Consulting Projects:

Research on Gas Market Competition for a Western Electric Utility. 1981.
Research on the Natural Gas Policy Act for a Northeast Trade Association. 1981
Interruptible Service Research for an Industry Research Institute, 1989.
Research on Load Relief from Interruptible Services for a Northeast Electric Utility. 1989.
Design of Time-of-Use Rates for a Midwest Electric Utility. 1989.
PBR Consultation for a Southeast Gas Transmission Company. 1989.
Gas Transmission Productivity Research for a U.S. Trade Association. 1990.
Productivity Research for a Northeast Gas and Electric Utility. 1990-91.
Comprehensive Performance Indexes for a Northeast Gas and Electric Utility. 1990-1991.
_ PBR Consultation for a Southeast Electric Utility. 1991.
Research on Electric Revenue Adjustment Mechanisms for a Northeast Electric Utility. 1991
Productivity Research for a Western Gas Distributor. 1991.
Cost Performance Indexes for a Northeast U.S. Gas and Electric Utility. 1991
Gas Transmission Rate Design for a Western U.S. Electric Utility. 1991.
Gas Supply Cost Indexing for a Western U.S. Gas Distributor. 1992.
Gas Transmission Strategy for a Western Electric Utility. 1992.
Design and Negotiation of Comprehensive Benchmark Incentive Plans for a Northeast Gas and

Electric Utility. 1992.
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Gas Supply Cost Benchmarking and Testimony for a Northeast U.S. Gas Distributor, 1992.

Bundled Power Service Productivity Research for a Western Electric Utility. 1993-96.

Development of PBR Options for a Western Electric Utilicy. 1993. |

Review of the Regional Gas Transmission Market for a Western Electric Utility. 1993.
Productivity and PBR Research and Testimony for a Northeast Electric Utility. 1993.

Productivity and PBR Research and Testimony for a Northeast Electric Utility. 1994.
Productivity Research for a Western Gas Distributor. 1994.

White Paper on Price Cap Regulation fora U.S. Trade Association. 1994.

Bundled Power Service Benchmarking for a Western Electric Utility. 1994.

White Paper on PBR for a U.S. Trade Association. 1995.

Productivity Research and PBR Plan Design for a Northeast Gas and Electric Company. 1995.
Regulatory Strategy for a Restructuring Canadian Electric Utility. 1995.

PBR Consultation for a Japanese Electric Utility. 1995.

Regulatory Strategy for a Restructuring Northeast Electric Utility. 1995.

Productivity Research and Plan Design Testimony for 2 Western Gas Distributor. 1995.
Productivity Testimony for a Northeast Gas Distributor. 1995.

Speech on PBR for a Western Electric Utility. 1995.

Development of a PBR Plan for a Midwest Gas Distributor. 1996.

Stranded Cost Recovery and Power Distribution PBR for a Northeast Electric Utility. 1996.
Benchmarking and Productivity Research and Testimony for a Northeast Gas Distributor. 1996.
Consultation on Gas Production, Transmission, and Distribution PBR for a Latin American Regulator.
1996.

Power Distribution Benchmarking for a Northeast Electric Utility. 1996.

Testimony on PBR for a Northeast Power Distributor. 1996.

Bundled Power Service Benchmarking for 2 Northeast Electric Utility. 1996.

Design of Gas Distributor Service Territories for 2 Latin American Regulator. 1996.

Bundled Power Service Benchmarking for 2 Northeast Electric Utility. 1996.

Service Quality PBR for a Canadian Gas Distributor. 1996.

Productivity and PBR Research and Testimony for a Canadian Gas Distributor. 1997.

Bundled Power Service Benchmarking for a Northeast Electric Utility. 1997.

Design of a Price Cap Plan for a South American Regulator. 1997.

White Paper on Utility Brand Name Policy for a U.S. Trade Association. 1997.

Bundled Power Service Benchmarking and Testimony for a Western Electric Utility. 1997.
Review of a Power Purchase Contract Dispute for a Midwest City. 1997.

Research on Benchmarking and Stranded Cost Recovery fora U.S. Trade Association. 1997.
Research and Testimony on Productivity Trends for a Northeast Gas Distributor. 1997.

PBR Plan Design, Benchmarking, and Testimony for a Southeast Gas Distributor. 1997.

White Paper on Power Distribution PBR fora U.S. Trade Association. 1997-99.

White Paper and Public Appearances on PBR Options for Australian Power Distributors. 1997-98.
Gas and Power Distribution PBR Research and Testimony for a Western Energy Utility. 1997-98.
Research on the Cost Structure of Power Distribution for a U.S. Trade Association. 1998.
Research on Cross-Subsidization for a U.S. Trade Association. 1998.

Testimony on Brand Names for a U.S. Trade Association. 1998.

Research and Testimony on Economies of Scale in Power Supply for a Western Electric Utility. 1998.
PBR Plan Design and Testimony for 2 Western Electric Utility. 1998-99.

PBR and Bundled Power Service Testimony and Testimony for Two Southeast U.S. Electric Utilities.

1998-99.
Statistical Benchmarking for an Australian Power Distributor. 1998-9.
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69. Testimony on Functional Separation of Power Generation and Delivery for a U.S. Trade Association.
1998. |

70. Design of a Stranded Benefit Passthrough Mechanism for a Restructuring Electric Utilicy. 1998.

71. Consultation on PBR and Code of Conduct Issues for a Western Electric Utility. 1999.

-5 PBR and Bundled Power Service Benchmarking Research and Testimony for a Southwest Electric
Utility. 1999.

73. Power Transmission and Distribution Cost Benchmarking for a Western Electric Utility. 1999.

74 Cost Benchmarking for Three Australian Power Distributors. 1999.

75. Bundled Power Service Benchmarking for a Northeast Electric Utility. 1999.

76. Benchmarking Research for an Australian Power Distributor. 2000.

77. Critique of a Commission-Sponsored Benchmarking Study for Three Australian Power Distributors.
2000.

78. Statistical Benchmarking for an Australian Power Transco. 2000.

29, PBR and Benchmarking Testimony for a Southwest Electric Utility. 2000.

80. PBR Workshop (for Regulators) for a Northeast Gas and Flectric Utility. 2000.

81, Research on Economies of Scale and Scope for an Australian Electric Utility. 2000.

87, Research and Testimony on Economies of Scale in Power Delivery, Metering, and Billing for a
Consortium of Northeast Electric Utilities. 2000.

83. Research and Testimony on Service Quality PBR for a Consortium of Northeast Energy Utilities.
2000.

84 Power and Natural Gas Procurement PBR for a Western Electric Utility. 2000.

85. PBR Plan Design for a Canadian Natural Gas Distributor. 2000.

86. TFP and Benchmarking Research for a Western Gas and Electric Utility. 2000.

87 E-Forum on PBR for Power Procurement for a U.S. Trade Association. 2001.

88. PBR Presentation to Florida’s Energy 2000 Commission for a U.S. Trade Association. 200l

89, Research on Power Market Competition for an Australian Electric Utility. 2001 |

00. TEP and Other PBR Research and Testimony for 2 Northeast Power Distributor. 2000.

91. PBR and Productivity for a Canadian Electric Utility. 2002

97, Statistical Benchmarking for an Australian Power Transco. 2002.

93. PBR and Bundled Power Service Benchmarking Research and Testimony for a Midwest Energy

Utility. 2002.
94. Consultation on the Future of Power Transmission and Distribution Regulation for a Western

Electric Utility. 2002.
95. Benchmarking and Productivity Research and Testimony for Two Western U.S. Energy Distributors.

2002. -

96. Workshop on PBR (for Regulators) for a Canadian Trade Association. 2003.

97. PBR, Productivity, and Benchmarking Research for 2 Mid-Atlantic Gas and Electric Utility. 2003.

98. Workshop on PBR (for Regulators) for a Southeast Electric Utility. 2003.

99, Strategic Advice for a Midwest Power Transmission Company. 2003.

100.PBR Research for a Canadian Gas Distributor. 2003.

10L. Benchmarking Research and Testimony for a Canadian Gas Distributor. 2003-2004.

102. Consultation on Benchmarking and Productivity Issues for Two British Power Distributors. 2003.

103. Power Distribution Productivity and Benchmarking Research for a South American Regulator. 2003-
2004.

104.Statistical Benchmarking of Power Transmission for a Japanese Research Institute. 2003-4.

105.Consultation on PBR for a Western Gas Distributor. 2003-4. |

106. Research and Advice on PBR for Gas Distribution for a Western Gas Distributor. 2004. |

107. PBR, Benchmarking and Productivity Research and Testimony for Two Western Energy Distributors.

2004.
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108. Advice on Productivity for Two British Power Distributors. 2004.

109. Workshop on Service Quality Regulation for a Canadian Trade Association. 2004.

110. Strategic Advice for a Canadian Trade Association. 2004.

111. White Paper on Unbundled Storage and Local Gas Markets for 2 Midwestern Gas Distributor. 2004.

112. Statistical Benchmarking Research for a British Power Distributor. 2004.

113. Statistical Benchmarking Research for Three British Power Distributors. 2004.

114. Benchmarking Testimony for Three Ontario Power Distributors. 2004.

115. Indexation of O&M Expenses for an Australian Power Distributor. 2004.

116. Statistical Benchmarking of O&M Expenses for a Canadian Gas Distributor. 2004.

117. Benchmarking Testimony for 2 Canadian Power Distributor. 2005.

118. Statistical Benchmarking for a Canadian Power Distributor. 2005.

119. White Paper on Power Distribution Benchmarking for a Canadian Trade Association. 2005.

120. Statistical Benchmarking for a Southeast Bundled Power Utility. 2005. |

171, Statistical Benchmarking of a Nuclear Power Plant and Testimony. 2005.

122. White Paper on Utility Rate Trends fora U.S. Trade Association. 2005.

123. TEP Research for a Northeast U.S. Power Distributor, 2003.
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145. Consultation and Testimony on Revenue Decoupling for a New England DSM Advisory Council.

2009.
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Sciences 53, (3) Spring 1984.
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Joseph Glauber, Mario Miranda, and Peter Helmberger). American Journal of Agricultural Economics
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10. A Competitive Model of Primary Sector Sto rage of Refined Oil Products. July 1987, Resources and
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1. Modeling the Convenience Yield from Precautionary Storage: The Case of Distillate Fuel Oil. Energy
Economics 10 (4) 1988.

12. Speculative Stocks and Working Stocks. Economic Letters 28 1988.
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22, Performance-Based Regulation of U.S. Flectric Utilities: The State of the Art and Directions for
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December 1995.

23. Forecasting the Productivity Growth of Natural Gas Distributors (with Lawrence Kaufmann). AGA
Forecasting Review, Vol. 5, March 1996. - '

24. Branding Electric Utility Products: Analysis and Experience in Regulated Industries (with Lawrence
Kaufmann), Washingron: Edison Electric Institute, 1997.

25. Price Cap Regulation for Power Distribution (with Larry Kaufmann), Washington: Edison Electric
Institute, 1998.

26. Controlling for Cross-Subsidization in Flectric Utility Regulation (with Lawrence Kaufmann),
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_ 7. The Cost Structure of Power Distribution with Implications for Public Policy (with Lawrence
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78. Price Caps for Distribution Service: Do They Make Sense? (with Eric Ackerman and Lawrence
Kaufmann), Edison Times, 1999.

29, Performance-Based Regulation of Utilities (with Lawrence Kaufmann), Energy Law Journal, 2002.

30, “Performance-Based Regulation and Business Strategy” (with Lawrence Kaufmann), Natural Gas,
February 2003
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Fenrick), USAEE Dialogue, 2006.
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EXECUTIVE SUMMARY

U.S. investor-owned electric utilities (electric “IOUs”) in jurisdictions with historical
test year rate cases are grappling today with financial stresses that threaten their ability to
serve the public well. Unit costs are rising because growth in sales volumes and other billing
determinants is not keeping pace with growth in cost. Cost growth is stimulated by the need
to rebuild and expand legacy infrastructure and to meet environmental and other public
policy goals. In this situation historical test years, still used in almost 20 U.S. jurisdictions,
can erode credit quality and condemn IOUs to chronic underearning.

This report provides an in depth discussion of the test year issue. It includes the
results of empirical research which explores why the unit costs of electric IOUs are rising
and shows that utilities operating under forward test years realize higher returns on capital
and have credit ratings that are materially better than those of utilities operating under
historical test years. The research suggests that shifting to a future test year is a prime

strategy for rebuilding utility credit ratings as insurance against an uncertain future,

CHAPTER 1 (FORWARD TEST YEARS) provides an introduction to test year issues. Problems
with historical test years are discussed. We explain that the “matching principle” used to
rationalize historical test years assumes that cost and revenue remain balanced. This
assumption doesn’t hold when unit cost is rising. Ina rising unit cost environment, rates
based on historical test years are uncompensatory even in the year they are implemented. As
a result, operating risk increases, raising the cost of obtaining funds in capital markets.
Service quality may be compromised. Customers receive out of date price signals that
encourage excessive consumption. The problems are aggravated when rate hearings are
protracted. Utilities commonly respond with more frequent rate case filings but these raise
regulatory cost, weaken performance incentives, and distract managers from their basic
business while still not giving utilities sufficient attrition relief. It is unfair to expect utilities
to offset revenue shortfalls produced by regulatory lag with higher productivity and

unrealistic to think that they can do so. Forward test years can yield better results for utilities

and their customers.
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The unit cost trends of utilities are driven by conditions that are substantially beyond
their control. These conditions include trends in input prices, productivity, and the average
use of utility services by customers. For the matching principle to work, some combination
of growth in utility productivity and average use must offset input price inflation.

Utility efforts to promote customer energy conservation slow growth in average use,
thereby raising unit cost and making historical test year rates less compensatory. Forward
test years can anticipate the slower growth in average use that results from utility
conservation programs. They therefore help to remove utility disincentives to promote
conservation aggressively.

The forecasts of costs and billing determinants that are made in a forward test year
proceeding are uncertain but involve conditions that are at most two years into the future. A
large part of utility cost is no more difficult to budget under forward test years than under
historical test years. More volatile components of cost are often subject to true-up
mechanisms. Conservative, well-reasoned methods for making forecasts are available. Ina
rising unit cost environment, the uncertainty of forecasts is less of a concern than the bias of
historical test year rates.

Utilities seeking forward test years must be mindful of their high evidehtiary burden.
The following rate case measures bolster confidence.

o Provide concrete evidence as to why future test years and not historical test
years are needed under current circumstances. Evidence concerning trends in
the unit cost of utilities and in key unit cost drivers is especially pertinent.

o Provide cost and billing determinant data for one or more historical reference
years and carefully explain methodologies for predicting cost and billing
determinant changes between those years and the forward test year.

o Use forecasting methods that are transparent and based on reason but not
needlessly complex.

o Routine variance reports comparing costs and billing determinants to utility

forecasts can increase comfort that forecasts are unbiased.

CHAPTER 2 (TEST YEAR HISTORY) presents a brief history of test years in the United States.

Historical test years became the norm in the U.S. because periods of stable or declining unit
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cost, made possible by slow price inflation and brisk growth in utility productivity and
average use, were the rule rather than the exception in the electric utility industry prior to the
late 1960s. Growth in productivity and average use have slowed enough in subsequent
decades that unit cost has frequently risen. Under favorable business conditions, unit cost
can still be flat for several years, making historical test years more reasonable. However,
conditions like these can give way to conditions in which unit cost rises for years at a time.

Forward test years were adopted in many jurisdictions during the 1970s and 1980s as
unit cost grew briskly, spurred by input price inflation and slower growth in average use and
utility productivity. Unit cost growth was flat during most of the 1990s because business
conditions driving unit cost growth were more favorable. Input price inflation slowed.
Investment needs were more limited, as many utilities grew into capacity added during the
construction cycle of the 1970°s and early 1980’s. Average use grew less rapidly than in the
past but nonetheless increased appreciably in most years. Under these conditions, utilities
were sometimes able to commit to multiyear base rate freezes.

Unit cost growth has since rebounded due to higher inflation, increased plant
additions, and slowing growth in average use. Commissions in several states with historical
test year traditions have recently moved in the direction of forward test years. Many of these
states are in the West, where comparatively rapid economic growth has stimulated plant
additions. The ranks of U.S. jurisdictions that use alternatives to historical test years have
swollen and now encompass well over half of the total.

In summary, historical test years became the norm in U.S. rate cases during decades
when unit cost was flat or declining due to remarkably brisk utility productivity and average
use. Under contemporary conditions, in which average use grows slowly, if at all, and the
productivity growth of utilities is more like that of the economy, unit cost may rise for

extended periods undermining the matching principle.

CHAPTER 3 (EMPIRICAL SUPPORT FOR FORWARD TEST YEARS) presents results of some
empirical research on test year issues. In original work for this paper, we calculated the unit
cost trends of a sample of vertically integrated electric utilities from 1996 to 2008. Trends in

business conditions that drive unit cost growth were measured. We also considered how test

year policies affect credit metrics and utility operating performance.
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Here are some salient results.

O

The unit cost of sampled utilities was fairly stable from 1996 to 2002 but has
since rebounded, averaging 2.3% annual growth from 2003 to 2008. The
underlying causes of rising unit cost included higher input price inflation and
capital spending and slower growth in the average system use of residential
and commercial customers.

In the three year period from 2006 to 2008 average use actually declined for
the typical utility, pulled down by sluggish economic growth and government
policies that encourage conservation. The decline was especially marked in
states with large conservation programs.

These results suggest that many IOUs may not be able in the future to count
on brisk growth in average use by residential and commercial customers to
buffer the impact on unit cost growth of input price inflation and increased
plant additions. The problem will be considerably more acute in service
territories where there are aggressive conservation programs.

Utilities operating under forward test years were more profitable and had
better credit ratings on average than those of utilities operating under
historical test years. For example, from 2006 to 2008 utilities operating under
forward test years realized an average return on capital of 9.2% and
maintained a typical credit rating between A- and BBB+ whereas the utilities
operating under historical test years realized an average return of 7.9% and
maintained a typical credit rating between BBB and BBB-.

Examination of recent trends in operation and maintenance (“O&M”)

expenses of utilities provides no evidence that historical test years encourage

better cost management.

CHAPTER 4 (CONCLUDING REMARKS) provides some suggestions as to how interested

regulators can get started down the road to forward test years.

1.

Allow a forward test year on a trial basis for one interested utility.
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Allow forward test years on an as needed basis when a utility makes a
convincing case that rising unit costs make historical test years unjust and
unreasonable.

Borrow one or two of the methods used in FTY rate cases to make additional
adjustments to historical test year costs and billing determinants. For
example, historical test year O&M expenses can be adjusted for forecasts of
price inflation prepared by respected independent agencies. Special
adjustments can be made for large plant additions that are expected to be
finished in the near future.

Try a current test year (essentially the year of the rate case), which involves
forecasts only one year into the future. Current test years can be combined
with interim rate increases which are subject to true up when the rate case is
finalized. A combination of a current test year and interim rates eliminates

regulatory lag without the necessity of a two year forecast.

In states where regulators aren’t ready to abandon historical test years but are

sympathetic to the attrition problems caused by rising unit costs, alternative measures are

available to relieve the financial attrition. Options include the following:

1.

Make sure that historical test year calculations incorporate the full array of
normalization, annualization, and known and measurable change adjustments
that are used in other jurisdictions.

Grant utilities interim rate increases at the outset of a rate case. Even when
later adjusted for the final rate case outcome, interim rates effectively reduce
regulatory lag by a year.

Capital spending trackers can ensure timely recovery of the costs of plant
additions, without rate cases, as assets become used and useful.

Several methods have been established to compensate utilities for acceleration
in unit cost growth that results from flat or declining average system use.
These include decoupling true up plans, lost revenue adjustment mechanisms,
and higher customer charges.

Multiyear rate plans can give utilities rate escalation between rate cases for

inflation and other business conditions that drive cost growth.
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1, FORWARD TEST YEARS

This chapter provides an in depth discussion of test year issues. Basic test year
concepts are introduced in Section 1.1. The rationale for forward test years is discussed In

Section 1.2. The kinds of evidence used in forward test year proceedings are explored in

Section 1.3.

1.1 BAasic CONCEPTS

1.1.1 Rate Cases

In the United States, rates for the services of energy utilities are periodically reset by
regulators in litigated proceedings called rate cases. These cases typically take about nine or
ten months to resolve and sometimes end in a settlement between contending parties which is
approved by the regulator. The first year following approval of new rates is called the “rate
year”.

In a rate case, rates are reset to reflect the cost and service levels of the utility in a test
year. The first step in this process is to establish a revenue “requirement” that is
commensurate with a cost for service deemed reasonable for test year operating conditions.
Rates are then established which recover the revenue requirement given the levels of service
provided in the test year. The service levels (e.g. the number of customers served and the
power delivery volume) are sometimes called “billing determinants”.

Bills of energy utilities often contain charges to recover the cost of energy
commodities (e.g. fuel and purchased power) procured on a customer’s behalf which are
separate from the charges to recover the cost of capital, labor, and other inputs used to
operate their systems. The rates that recover the costs of non-energy inputs are commonly
called “base” rates. Base rate revenues are sometimes called “margins”. |

Rates for the cost of energy procurement are commonly subject to true ups to recover
the actual cost of energy procured. Base rates, on the other hand, have traditionally been
reset only in rate cases. The earnings of utilities thus depend primarily on the difference
between their base rate revenues and the cost of their base rate inputs.

1.1.2 Historical Test Years

Various kinds of test years are used in rate cases today. An historical test year

(“HTY™) is a twelve month period that ends before the rate case filing. It typically ends a
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few months before the filing because it is desirable for the test year to be as current as
possible but it takes several months to properly account for a year of costs and take the other
steps needed to prepare a rate case. The year between an historical teSt year and the rate year
is sometimes called the “bridge year™.

The passage of time between a test year and the rate year is sometimes called
“regulatory lag”.! The lag between an historical test year and the rate year is typically two
years. A utility filing for new rates in calendar 2011, for example, would typically file in
March or April of 2010 using a calendar 2009 test year. Thus, historical test year rates
applicable in 2011 would typically reflect business conditions in 2009.

Regulatory lag in this case has several causes. One is the necessity of using a year of
historical data in the rate case filing. Another is the time required to prepare a rate case
filing. Still another is the time required to execute the rate case and reach a final decision on
new rates.

Historical test year data are usually adjusted in some fashion to make rates more
relevant to rate year business conditions. Costs and billing determinants are often normalized
for the effects of volatile business conditions on the grounds that there is no reason to expect
these conditions to be abnormal during the rate year. For example, if residential and
commercial delivery volumes during an historical test year were elevated by unusually high
summer temperatures, they may be statistically normalized to reflect average summer
weather conditions. Other examples of abnormal events that can prompt normalization
adjustments include ice storms, recessions, and extended generation plant outages.

Cost and output conditions in the historical test year may also be “annualized”.
Effects may be removed, for a full year, of conditions that occurred during part of the HTY
but are not expected to continue. One example would be costs reported for the HTY that
pertained to years before the test year. Another would be the volume and peak demand of a
large industrial customer who has closed its local operations.

Impacts of conditions that occurred only during certain months of the test year and
are expected to prevail in the near future may also be annualized. For example, the value of

the rate base at the end of an historical test year is sometimes assumed to be applicable for

! This is one of several definitions of “regulatory lag” which are sometimes used in discussions of regulation.
Another is the length of time between rate cases.




Schedule MNL-2
Page 10 of 63

the entire year for purposes of calculating depreciation and the return on rate base. If union
wage rates are raised in the last month of the HT'Y pursuant to the terms of a labor contract,
labor expenses may be adjusted so that the higher cost per employee is effective for the entire
year.

Cost and output data may, additionally, be adjusted for “known and measurable”
(sometimes called “imminent certain”) changes that have already occurred since the
historical test year or are likely to occur in the near future. For example, if a labor contract
provides for an escalation in union wages in the bridge year, HTY cost may be adjusted to
reflect the wage rates provided in the contract.

The adjustments made to HTY cost and billing determinants vary across jurisdictions.
While all such adjustments tend to make rates more relevant to rate year conditions, the HTY
adjustment process often ignores important changes in business conditions that occur
between an historical test year and a rate year. Here are some typical omissions.

e Cost is usually not adjusted to reflect future inflation in the prices of materials,
services, and new equipment because the extent of such inflation isn’t known
with certainty.

e Costs of plant additions in the bridge year and the rate year are often omitted
if their completion date and/or final cost aren’t known with certainty.

e Billing determinants are usually not adjusted to reflect trends that are likely to
occur after the test year because these are not known with certainty.

o Adjustments for known and measurable changes are sometimes limited
arbitrarily to the bridge year.

1.1.3 Forward and Hybrid Test Years
A forward or future test year (“FTY”) is a twelve month period that begins after the

rate case is filed. Test year cost and billing determinants must in this case be forecasted, and

forward test years are for this reason sometimes called forecasted test years. Utilities in some

jurisdictions file rate cases with multiple forward test years. In the Canadian province of

Alberta, for instance, it has recently been common for utilities to file for two forward test

years in a rate case.
Most commonly, a forward test year begins about the time that the rate case is

expected to end. The test year is then the same as the rate year. A utility filing on April 1
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2010, for instance, might use calendar 2011 as its test year on the assumption that the rate

case will take nine months to complete.

Some utilities use FTY's that begin about the time of the rate case filing. This kind of
test year may be called a “current” FTY. The initial filing is in this case based entirely on
forecasts but some months of actual data for the test year become available in the course of
the proceeding.

Utilities in some states make rate case filings using test years that encompass some
months before the filing and some months afferwards. Data for all months of the test year
are then likely to become available during the course of the filing. This kind of test year has
been called a “hybrid” or “partial” test year.

1.2 RATIONALE FOR FORWARD TEST YEARS

1.2.1 The Financial Challenge
The Key Role of Unit Cost

We have noted that the rates that result from a rate case are designed to recover a
revenue requirement that equals cost in a test year. In the case of an historical test year the
new rates embody business conditions that are typically about two years older than those of
the rate year. Business conditions are likely to change between an historical test year and the
rate year, causing both cost and revenue to differ from the HTY level. For rates to be exactly
compensatory, base rate cost and revenue must differ from their HTY levels in the same
proportion.

The assumption that cost and revenue remain in balance underlies the matching
principle that regulators still use to rationalize historical test years. Kamershen and Paul note
in a thoughtful 1978 article on regulatory lag that “Philosophically, the strict [historical] test
year assumes the past relationship among revenues, costs, and net investment will continue
into the future.” A 2003 NARUC Rate Case and Audit Manual states in this regard that

When looking at an historical test year, one of the first questions asked is
whether the test year is too stale to make it a reasonable basis upon which to
establish rates for a future period... In looking at the months beyond the end
of the test year, have the growth rates for rate base, expenses, and revenues all
remained fairly close and constant, maintaining the test year relationship

2 David R. Kamershen and Chris W. Paul II, “Erosion and Attrition: A Public Utility’s Dilemma”, Public
Utilities Fortnightly, December 1978, p. 23.
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among these three elements, or has one element changed dramatically, making
the test year out of kilter with current operations? If so, can this situation be
resolved through adjustments to the test year?’

Cost in the rate year is likely to be substantially higher than cost in an historical test
year. To understand why, consider that cost growth in any business can be decomposed into
inflation in the prices it pays for inputs plus the growth in its output less the growth in its
productivity:

growth Cost = growth Input Prices -+ growth Quiput — growth Productivity. [1]
The productivity growth of a business is typically not rapid enough to offset the combined
effects of input price inflation and output growth. A recent study reported in testimony by
Pacific Economics Group (“PEG”) found, for example, that a national sample of U.S. power
distributors averaged 1.03% annual growth in multifactor productivity (“MFP”) from 1996 to
2006 whereas input price growth averaged 2.72% and customer growth averaged 1.00%.*
The productivity trend of sampled distributors was similar to that of the U.S. private business
sector but far from sufficient to offset the combined effects on cost of input price inflation
and customer growth.

As for base rate revenue during the rate year, it can exceed the HTY revenue
requirement only due to growth in billing determinants because rates are fixed at levels that
reflect HTY conditions. Whether or not historical test year rates are compensatory thus
depends critically on whether unit cost is stable in the sense that growth in billing
determinants has kept pace with cost growth. If cost growth exceeds growth in billing
determinants, unit cost will rise and HTY rates will be uncompensatory.

An element of complexity is added when it is considered that a utility offers many
services and gathers revenue for each service from multiple charges, each with its own
billing determinant. A bill for residential service, for instance, typically involves a flat
monthly charge called a “customer” or “basic” charge and a “volumetric” (per kWh) charge.
In this world of multiple billing determinants, historical test years will yield uncompensatory
rates to the extent that cost growth between the test year and the rate year exceeds a weighted

average of the growth in billing determinants, where the weight for each determinant is its

3 NARUC Staff Subcommittee on Accounting and Finance, Rate Case and Audit Manual, Summer 2003,
4 Mark Newton Lowry, ef al., Revenue Adjustment Mechanisms for Central Vermont Public Service
Corporation, Exhibit CVPS-Rebuttal-MNL-2 in Docket No. 7336, June 2008.
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share of the total base rate revenue. In other words, rates are uncompensatory when cost
growth exceeds the growth in a billing determinant index. This is the definition of growth in
a unit cost index.

The utility uses most of its base rate revenue to pay its workforce, vendors of
materials and services (including construction services), bondholders, and tax authorities.
The residual margin, called net income or earnings, is available to provide the company’s
shareholders with a return on their investments. The return on equity is the component of
cost that is most at risk for non-recovery when base rate revenue falls short of cost. When
historical test year rates are non-compensatory they can reduce a utility’s rate of return on
equity (“ROE”) materially.

Unit Cost Drivers

If the unit cost growth of a utility has made new historical test year rates non-
compensatory, it may fairly be asked whether utility actions could have stopped the growth
and avoided the problem. Research over many years has shown that the unit cost of a utility

is driven chiefly by changes in business conditions that are beyond its control. Growth in the
unit cost of a utility’s base rate inputs depends on inflation in the prices it pays for those
inputs, growth in the productivity with which it uses the inputs, and an average use effect:
growth Unit Cost = growth Input Prices — (growth Productivity + Average Use). [2]
We discuss each of these unit cost “drivers” in turn.

Input Price Inflation Inflation routinely occurs in the prices utilities pay for labor,
materials, services, and equipment. Since utilities have capital-intensive technologies,
inflation in the price of capital is an especially important driver of their input price growth.
The trend in the price of capital depends chiefly on trends in construction costs, tax rates, and
the going rates of return on debt and equity in capital markets.’

Productivity The productivity growth of a utility depends on various conditions that include

technological change, the realization of scale economies, and the pace of plant additions as

5 The impact of construction cost on price inflation is complex. In setting rates, utility plant is valued in
historical dollars. The cost of service thus depends on prices paid for construction in past decades.
Construction costs in more recent years matter more because the corresponding assets are less depreciated. The
rate base will tend, on average, to reflect construction costs more than a decade into the past. For most utilities,
new investments therefore embody more than a decade of construction cost inflation compared to investments
of average vintage. This is one of the reasons why unusually large plant additions can increase the rate base so

substantially.

11
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well as utility efforts to root out inefficiencies. Plant additions may boost efficiency gains in
the long run but can slow them in the short run, especially if they involve major investments
such as new base load generating units, advanced metering infrastructure, or an accelerated
program to replace aging infrastructure. Scale economies depend on the pace of output
growth and on whether the utility is so large that it has reached a minimum efficient scale at
which incremental scale economies from output growth aren’t available.

The ability of utilities to achieve productivity surges is limited in the short run. Since
technology is capital intensive, the depreciation and return on rate base associated with older
investments --- which cannot be changed in the short run --- account for a large share of the
total cost of base rate inputs. A utility can increase productivity only by slowing growth in
O&M expenses and plant additions. Opportunities to achieve sustained productivity gains
often involve sizable upfront costs and net gains may not occur for more than a year. A
downsizing of the labor force, for instance, may involve severance payments. The chief
means for a utility to trim its cost in the very short run is to defer maintenance expenses and
plant additions. Such deferrals must be followed by higher expenses in short order if service
quality is to be maintained. A utility can’t rely ona deferral strategy year after year when it
is filing frequent rate cases.

Average Use A utility’s unit cost growth also depends on the difference in the impact that

its output growth has on its revenue and its cost. When output growth boosts revenue more
than cost, unit cost growth slows. When output growth causes cost to rise more rapidly than
revenue, unit cost growth accelerates.

A utility’s output growth has different impacts on revenue and cost when two
conditions are present. One is that the design of base rates doesn’t reflect the drivers of base
rate input cost. The other is that billing determinants tend to grow at a different rate than cost
drivers.

Consider, first, whether the design of utility base rates is cost causative. The cost of a
utility’s base rate inputs is largely fixed in the short run with respect to system use. Cost is
much more sensitive to growth in the number of customers served.® As for billing
determinants, we have seen that utility tariffs for most services involve multiple charges.

These include one or more “variable” charges that are so called because they vary with

6 Cost growth may also depend, in the long run, on the growth in peak demand and/or the delivery volume.
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system use. Volumetric charges vary with the volume of power delivered. “Demand”
charges vary with the peak level of demand (i.e. the highest hourly volume registered during
the month). There are, additionally, “fixed” charges that are so called because they do not
vary with a customer’s use of the system during the billing period. Chief amongst the fixed
charges of eleciric utilities are customer charges. Residential and small business customers
account for the bulk of a utility’s base rate revenue because these customers account for the
bulk of a utility’s cost. In these customer classes, base rate revenue is drawn chiefly from
volumetric charges.

Under these circumstances, the difference between the way that output growth affects
revenue and cost is chiefly a matter of the difference between the trends in the volume of
sales to residential and small business customers and the trends in the number of customers
served. This is equivalent to the trends in the delivery volume per customer of these service
classes, which are sometimes referred to as the trends in their average (system) use. Unit
cost growth slows when average use rises and accelerates when growth in average use slows.

In the electric utility industry, as in most sectors of the economy, the productivity
growth of utilities has for decades been a good bit slower than the inflation in the prices they
pay for inputs.” The recent PEG study noted earlier, for example, found that power
distributor productivity growth fell short of input price growth by about 169 basis points
annually on average from 1996 to 2006.% Under conditions like these, the average use trends
of residential and small-volume business customers play an important role in determining
whether a utility’s unit cost rises. If growth in average use is brisk (e.g. 1.5 to 2% annually),
the difference between input price and cost efficiency growth can be offset.” If average use
is static, unit cost will rise substantially even under normal inflationary conditions. If
average use is declining, the rise in unit cost can be quite rapid.

Recent changes in state and federal policy are encouraging more electricity demand-
side management (“DSM”) and development of customer-sited solar resources. These

policiels include net metering, tighter appliance efficiency standards and building codes, and

7 The difference is greater in periods of brisk input price inflation and smaller in periods of slow inflation, since
productivity does not characteristically rise and fall with inflation.

® Lowry et al. (2008) op. cit.

%rston Bamnes wrote, for example, in a classic treatise on rate regulation, that “as an offset to such factors
making for rising rates, the increased volume of business that usually accompanies an upward movement of
prices may so reduce the overhead charges per unit as to make any increase in rates unnecessary”. See Irston
R. Barnes, The Economics of Public Utility Regulation (New York: F.S. Crofts, 1942).
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subsidies for energy efficiency investments. Our discussion suggests that such programs can
accelerate unit cost growth by slowing growth in average use. Whether or not the utility
provides DSM programs, average use can become static or decline, removing a key means by
which utilities have traditionally coped with input price inflation and avoided unit cost
growth. The problem can be remedied by redesigning rates in ways that raise customer
charges. But rate designs are regulated and regulators in the United States generally do not

10

sanction high customer charges.
Implications Our analysis suggests that the unit cost of an electric utility is likely to rise,
making historical test year rates non-compensatory, to the extent that the following external
business conditions prevail.

o Input price inflation is brisk.

o Utilities need to make large plant additions that temporarily slow productivity

growth.

o Average use of the utility system is static or declining.
Situations in which unit cost is stable, encouraging use of historical test years, include those
in which inflation is slow, utilities aren’t making large plant additions, and average use is
growing briskly.

A program to accelerate the replacement of aging distribution facilities provides a

classic example of the non-compensatory nature of historical test year rates. Suppose that a
power distributor replaces 10% of its distribution infrastructure during a year when new rates
are implemented. The new plant has capacity similar to the plant replaced but reflects more
than forty years of construction cost inflation. The company’s rate base will rise
substantially, temporarily slowing productivity growth and accelerating unit cost growth.
Even with normal growth in input prices and average use a utility with rates based on

historical test years may earn little return on this sizable investment for as much as two years

after it becomes used and useful.

Conclusions

These results permit us to draw several conclusions concerning the reasonableness of

historical test years in ratemaking,.

0 High customer charges are more common for U.S. gas utilities and for gas and electric IOUs in Canada.
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1) Historical test years are rationalized by a matching principle that assumes a balance
of cost and revenue. Our analysis shows that this relationship is not balanced in a
rising unit cost environment.

2) An individual utility reporting that rates produced by historical test years are
uncompensatory may be suspected by stakeholders of poor cost management.
However, research shows that a utility’s unit cost trend is determined primarily by
business conditions over which it has little control. These include the trends in input
price inflation, average use, and the need for plant additions.

3) In arising unit cost environment, the ability of a utility to “take a hair cut” between
the historical test year and the rate year is limited. Long term performance gains
involve upfront costs. Deferment of expenses lowers cost today at the expense of
higher costs in the future.

4) Absent favorable operating conditions, the rise in a utility’s unit cost due to changing
business conditions may be so great that it is unable to earn its allowed rate of return
under historical test year rates even with normal productivity gains. As Kamerschen
and Paul comment, “while a utility is never guaranteed that it will earn its authorized
fair rate of return, if no allowance is made for attrition or the other explosive
clements, the utility is denied a realistic opportunity of earning the permitted rate of
return.”! In this situation, rates produced by historical test years are inherently
unjust and unreasonable. This can prompt the investment community to downgrade
its credit valuations, not just for the subject utility but for other utilities in the same
jurisdiction.

5) Firms in competitive markets have ways of coping with rising unit costs that aren’t
available to utilities. The prices a competitive firm receives for its products will tend
to rise at the same pace as the unit cost of its industry. Firms experiencing unit cost
growth in excess of growth in sales prices can always scale back their offerings. A
utility, in contrast, charges prices set by regulators which may not be reflective of unit
cost trends. The utility is obligated to provide service even if prices are non-

compensatory due to flawed ratemaking practices.

'l Kamerschen and Paul op. cit. p. 23.
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6) Unit cost pressures are not constant over time. Several years of flat unit cost can give
way to a sustained period of rising unit cost. Thus, historical test years can produce
reasonable results for many years and then become uncompensatory for many years
due to rising unit cost. A utility’s success at earning its allowed ROE during a string
of recent years does not necessarily mean that a forward test year isn’t warranted
prospectively.

7) Forward test years have major advantages over historical test years in a rising unit
cost environment. Rates are more likely to reflect unit cost conditions in the rate year
and are, to this extent, more just and reasonable. Customers receive better price
signals. Lower operating risk reduces the utility’s cost of securing funds in capital
markets. This benefit is especially important in periods of large plant additions, when
high borrowing costs can have an especially large impact on the embedded cost of
debt.

8) Whether or not unit cost is rising, historical test years do not adjust rates for
slowdowns in volume growth, between the test year énd the rate year, which are due
to utility conservation initiatives. They therefore danipen utility incentives to

encourage conservation.

1.2.2 Uncertainty

Opponents of forward test years often stress the uncertainty of cost and billing
determinant forecasts. Future costs cannot be verified. The changes in business conditions
that drive unit cost growth (e.g. inflation and the in service dates on looming plant additions)
can be hard to predict accurately. The impact that changing business conditions have on unit
cost is not always well understood. Opponents also argue that utilities are incented to
exaggerate future cost growth and to understate future growth in billing determinants. Cost
and billing determinants in a historical test year are, meanwhile, known with certainty.

On the other hand, the projections at issue in a forward test year concern business
conditions that are at most two years into the future. A large chunk of future cost, the
depreciation and the return on older plant, is known with considerable certainty at the time
that the forecast is made. There are many aids in the preparation of credible forecasts, as we

discuss further in Section 1.3. Consider also that volatile components of a utility’s unit cost
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(e.g. expenses for pensions and uncollectible bills) are often subject to trackers that reduce or
eliminate the risk of bad forecasts.

Current test years involve less forecasting uncertainty because the test year is only a
year into the future at the time that the rate case is filed. Actual data for some or all months
of the test year become available in the course of the proceeding. The accuracy of the
methods used to forecast cost and billing determinants can thus be tested against their ability
to predict the actuals in some months of the test year. |

FTY projections are, in any event, quickly followed by actual data, and a utility that
makes forecasts that are consistently biased in its favor will find that its forecasts are
discounted in ratemaking. Biased forecasts can even jeopardize a regulator’s willingness to
use forward test years. The other stakeholders to the rate case process have incentives to bias
cost and sales forecasts in the other direction. These circumstances reduce or eliminate the
bias of the forecasts on which FTY rates are ultimately based. If the forecast of future cost
and output is accurate, the utility will receive revenue that is exactly equal to its cost. FTY
rates will be fair to the utility and ratepayer alike, whereas historical test year rates are likely
to be biased in a rising (or falling) unit cost environment.

On balance then forward test year rates, while involving some uncertainty, are likely
to be more reflective of future business conditions than are historical test year rates in a rising
unit cost environment. The uncertainty involved in basing rates on FTYSs is no greater than
that involved in rate freezes and other kinds of multiyear rate plans that are often approved
by regulators. The Michigan Public Service Commission (“PSC”) commented, in a recent

decision on an FTY rate filing for Consumers Energy, that

The basis for using a forward test year is to address the problem of regulatory
lag between past and future costs. While the advantage of historical data is its
objective and verifiable nature, it lacks the necessary forward perspective
required in a changing economic environment. An historical test year is by
definition not timely and may fail to adequately consider future
demands....What is gained by dealing with data that is “known and
measurable” can be lost in forcing a utility to operate with outdated

numbers.'?

12 Michigan PSC Opinion and Order, Case U-175643, November 2009.
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1.2.3 Regulatory Cost

A third consideration in weighing the advantages of historical and forward test years
is regulatory cost. The net impact of forward test years on regulatory cost is difficult to
assess. Forward test year rate cases typically do involve higher cost than rate cases based on
historical test years because of the need for forecasts.

On the other hand, a number of the major issues in a rate case, including the
depreciation rates and the rate of return on common equity, are not markedly more
complicated in a forward test year proceeding. Depreciation on existing plant is easy to
predict once a depreciation rate is established. Some of the more uncertain components of |
cost and revenue may be subject to trackers that mitigate rate case controversy. The cost of
FTY rate cases falls as jurisdictions gain experience with forecasted evidence. Consider also
that in a rising unit cost environment rates based on forward test years can, by reducing

earnings attrition, sometimes reduce the frequency of rate cases.

1.2.4 Operating Efficiency

The effect of alternative test year approaches on utility operating efficiency is also
frequently discussed in debates on test year approaches. Opponents of forward test years
sometimes argue that they weaken utility incentives to operate efficiently. In a rising unit
cost environment, an expectation that rates are going to be non-compensatory might
encourage utilities to tighten their belts. FTY opponents also argue that a utility wishing to
inflate its cost in an historical test year, in an effort to create higher rates in the rate year,
would incur a real cost to do so.

On the other hand, the notion that rate cases generally weaken utility performance
incentives is a central result of regulatory economics and is not confined to future test years.
When a utility is operating under a series of annual rate cases with historical test years, cost
savings this year lead quickly to lower rates. The fact that a forward test year involves
forecasts does not in and of itself weaken performance incentives. Forward test year
forecasts are often linked to actual costs in one or more historical reference years, so the

utility must once again incur a real cost if it wishes to bolster its argument for higher costs in

the test year.
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Consider also that when unit cost is rising, the non-compensatory rates yielded by
forward test years may cause utilities to file rate cases more frequently. This weakens
performance incentives, and senior managers devote less time to the utility’s basic business
of providing quality service at a reasonable cost. Analysis by PEG Research has revealed
that reducing the frequency of rate cases from one to three years increases a utility’s
productivity performance by about 50 basis points annually in the long run.”> We therefore
do not expect utility operating incentives to differ significantly between historical and
forward test years on balance.

It is, in any event, unreasonable for stakeholders and regulators to acquiesce in non-
compensatory HTY rates on the grounds that they encourage utilities to trim “fat” if the
existence of fat has not been demonstrated in the rate case. J. Michael Harrison, an
administrative law judge with the New York PSC, commented in this regard in a 1979 article

on forward test years that

It is reasonable to set rates conservatively when company’s management or
operations are significantly and demonstrably poor... Evidence of general
management inadequacy, however, is rarely seen in rate cases and ...
management normally will be striving to improve efficiency in periods of
continuously rising costs. Regulatory commissions certainly have an
obligation to monitor operations and management effectiveness, but it does
not appear justifiable to indulge in a presumption, absent specific evidence to
the contrary, that deficient earnings can be attributed to management
shortcomings rather than to unfavorable operating conditions. 14

1.2.5 Other Considerations
Here are some additional considerations that merit note in a discussion of forward test
year pros and cons.
o Forward test years encourage the utility, other stakeholders, and the
Commission to focus more attention on the utility’s plans for the future.
Undesirable trends, such as rising costs that reflect inadequate attention to
productivity growth, can be recognized and discouraged in advance of their

occurrence. Budgeting is apt to play a more central role in cost management.

13 See, for example, “Incentive Plan Design for Ontario’s Gas Utilities”, a presentation made by the senior

author in work for the Ontario Energy Board in November 2006.
14 3 Michael Harrison, “Forecasting Revenue Requirements”, Public Utilities F ortnightly, March 1979, p. 13.

19
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o Forward test year rate cases sharpen the ability of the regulatory community to
undertake and review statistical analyses of unit cost trends. These same
skills are useful in the design of multiyear rate plans in which rates are
adjusted automatically between rate cases to reflect changing business
conditions. Multiyear rate plans can reduce regulatory cost and strengthen
utility performance incentives, creating benefits that can be shared with
customers.

1.3 EVIDENTIARY BASIS FOR FTY FORECASTS

Good evidence on future costs and billing determinants is critical to the effectiveness
of forward test year rate cases. The New York PSC stated, in an order rejecting a forward
test year for New York State Electric and Gas in 1972, that

To justify the commission in deviating from its long-standing policy of using
an actual test year adjusted for known changes, there must be a full showing
that such a change is a practical necessity. This showing must encompass the
twin requirements of substantial accuracy and an impending, uncontrollable
diminution in profitability. - '
We have already discussed at some length the kinds of conditions that can cause unit cost to
rise between an historical test year and the rate year. We consider here kinds of evidence

used in FTY rate cases that increase the confidence of regulators that forecasts are accurate.

Linkage to Historical Data

Utilities in forward test year rate cases usually file detailed and extensive evidence
concerning cost and billing determinants in one or more historical reference years.'> Data for
these years are usually subject to normalization and annualization adjustments like those used
in historical test year filings. The utility will then present evidence on expected changes in
cost and billing determinants between the historical reference year and the test year.'® Cost
projections are often made for the same detailed Uniform System of Account categories that
are used in historical test year rate cases. J. Michael Harrison commented in this regard in
his 1979 article that “the New York commission’s requirement that a verifiable nexus be

established between a forecast and an historical base of actual experience is a sine qua non

'S An historical reference year is sometimes called a “base period”.
16 This sometimes includes a forecast of cost during the rate case year (if different), which is sometimes called

the “bridge year”.

20
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for forecasting revenue requirements. The burden of proving the reasonableness of its filing
remains with the utility company.”"”’

Indexation

Indexation is used by several utilities in FTY rate cases to escalate cost items for
changing business conditions. Recall from Section 1.2.1 that the growth in the cost of a
utility equals the inflation in the prices it pays for inputs plus the growth in its output less the
trend in its productivity. The trend in the productivity of utilities tends to be similar to the
growth in their output. Testimony just prepared by PEG Research for San Diego Gas &
Electric reports that, for a national sample of power distributors, MFP averaged 0.88%
annual growth from 1999 to 2008 while the number of customers served averaged 1.37%
average annual growth.18 An assumption that productivity growth equals output growth
makes it possible to escalate cost from historical reference year(s) values by the forecasted
growth in prices. This is the most common use of indexing in FTY forecasts.

The United States is fortunate to have available some of the best data in the world on
utility input price trends. One company, Whitman, Requardt and Associates, has for decades
published “Handy Whitman Indexes” of trends in the construction costs of both gas and
electric utilities.!® These are available for six geographic regions of the United States for
detailed asset classes. Another company, Global Insight, has a Power Planner service that
has forecasts, updated quarterly, of construction cost indexes. Global Insight also forecasts
inflation in the prices of labor, materials, and services used by gas and electric utilities.”’
The materials and service (“M&S”) price indexes are available for the detailed O&M
expense categories that are itemized in the FERC’s Uniform System of Accounts. Global
Insight input price indexes have been used for many years to adjust revenue requirements in
the multiyear rate plans of California gas and electric utilities.

Some utilities instead escalate O&M expenses in rate cases using familiar
macroeconomic price indexes. The gross domestic product price index (“GDPPI”) is often
preferred for this purpose to the better known consumer price index because the GDPPI

assigns less weight to price volatile commodities, such as food and energy, which do not

17 3. Michael Harrison, op. cit., p. 13.

18 Mark Newton Lowry ef al., Productivity Research for San Diego Gas & Electric, August 2010,

' Whitman, Requardt & Associates LLP, “The Handy-Whitman Index of Public Utility Construction Costs™.
20 A discussion of an early use of detailed inflation forecasts in ratemaking is found in Michael J. Riley and H.
Kendall Hobbs, Jr. “The Connecticut Solution to Attrition”, Public Utilities Fortnightly, November 1982,
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loom large in base rate input costs. Our research over the years has found that the GDPPI
and CPI both tend to understate escalation in the prices of utility O&M inputs. One reason is
that they are measures of inflation in the economy’s prices of final goods and services and
therefore reflect the productivity growth of the U.S. economy, which has been substantial in
recent years. In a recent report for Hawaiian Electric, for instance, PEG found that from
1996 to 2007 the GDPPI averaged 2.21% average annual growth whereas an index of the
O&M input prices paid by HECO averaged 3.05% average growth.21 The GDPPI should
therefore inspire confidence as an O&M escalator that often yields reasonable results for
customers.

Simple Trend Analyses

Simple approaches to forecasting based on historical trends can, if well designed,
strike a reasonable balance between the desire of regulators for accuracy and simplicity. For
example, a given cost item can equal its adjusted value in the historical reference year, plus a
one or two-year escalation for the average annual growth of this cost for a group of peer
utilities in recent years. This approach is more sensible to the extent that the recent inflation,
productivity, and output trends of the peers are similar to those that the subject utility will
experience in the near future. A refinement on this general approach would be to assume a
trend in cost per customer equal to the recent historical trend of peer utilities and then to
reach cost by adding a forecast of the utility’s own customer growth. Simple methods like
these have counterparts for the forecasting of billing determinants. For example, the volume
of residential sales in a future test year can be forecasted as the expected number of
customers multiplied by the expected volume per customer, where the latter is allowed to
differ from the normalized value(s) in the historical reference year(s) by its normalized trend
in the last three years.

Budgeting

Some utilities use the same figures in forward test year filings that they use in their

own budgeting process.

21 Mark Newton Lowry et al., Revenue Decoupling for Hawaiian Electric Companies, Pacific Economics
Group, January 2009. pp. 65-66.
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Econometric Modeling

Econometric modeling is used by several utilities in FTY cost and billing determinant
projections. In an econometric model, the variable to be forecasted is posited to be a function
of one or more external business conditions. Model parameters are estimated using historical
data on the variable to be forecasted and the business conditions. A rich theoretical and
empirical literature is available to guide model development. Given forecasts of the business
conditions, the model can forecast how cost will grow between one or more historical
reference years and the forward test year.

Benchmarking

Utilities can bolster the confidence of regulators in their FTY cost forecasts by
benchmarking them using data from other utilities. A variety of benchmarking methods are
available, ranging from econometric modeling to peer group comparisons that use simple
unit cost metrics. Public Service of Colorado, for instance, recently filed a study in an FTY
rate case filing that benchmarked their non-fuel O&M expense forecast.?? The study used an
econometric benchmarking model as well as unit cost metrics for a Western Interconnect

peer group. The authors found that the forecasted expenses reflected a high level of

operating efficiency.

22 gee Public Service Company of Colorado’s Exhibit MNL-1 in docket 09AL-299E before the Public Utilities
Commission of Colorado, filed October 13, 2009.
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2. TEST YEAR HISTORY AND PRECEDENTS

2.1 A BRIEF HISTORY

Few states have laws on the books that mandate a particular test year approach.
Statutes instead commonly feature more general provisions on regulation such as guidelines
that rates be just and reasonable, that terms of service be non-discriminatory, and that service
be of good quality. Flexibility with respect to test years is also encouraged by the Supreme
Couﬁ’s influential Hope decision, which held that

The Commission was not bound to the use of any single formula or combination of

formulae in determining rates. Under the statutory [Natural Gas Act] standard of

“just and reasonable” it is the result reached and not the method which is

controlling...If the total effect of the rate order cannot be said to be unjust and

unreasonable, judicial inquiry under the Act is at an end.”

Historical test years were nonetheless the norm in the early history of electric utility
rate cases, and this reflects the prevalence over many years of business conditions that were
conducive to slow unit cost growth. Slow price inflation was a contributing factor. Table 1
shows the history of GDPPI inflation in the United States from 1930 to 2009. It can be seen
that inflation was negative in most years of the 1930s but was brisk during World War II, the
immediate post war years, and in 1951. After the Korean War, the table shows that GDPPI
inflation averaged only 1.74% annually in the 1952-1965 period.

Table 1 also shows the trend in the MFP index for the electric, gas, and sanitary
sector of the U.S. economy. This index was computed by the U.S. Bureau of Labor Statistics
(“BLS™) for many years and was sensitive to the productivity trend in the electric utility
industry due to the industry’s disproportionately large size. It can be seen that the
productivity growth of the electric, gas, and sanitary sector was extraordinarily rapid during
the 1952-65 period, averaging 4.13% per annum. This was more than double the MFP index
trend for the U.S. non-farm private business sector as a whole.

Under these favorable operating conditions, the unit cost of the electric utilities was
typically stable or declining.24 Rate cases were rare and historical test years were the norm in

the rate cases that did occur. Regulators gained confidence that the matching principle could

%320 U.S. 591.
24 Gee Paul Joskow, “Inflation and Environmental Concern: Structural Change in the Process of Public Utility

Price Regulation”, Journal of Law and Economics, 1974 for an insightful discussion of some of this history.
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Table 1
- - [ ]
U.S. Inflation and Productivity Trends
clor P
GDP Price Index Private Non-Farm Business Eleclric, Gas & Sanltag Sector
Year Index Growth {ndex Growth Index Growth
1929 10.6 NA NA NA NA
1930 10.2 -3.84% NA NA NA NA
1931 g2 -10.45% NA NA NA NA
1932 8.1 -12.08% NA NA NA NA
1833 79 -2.66% NA NA NA NA
1934 8.3 4.78% NA NA NA NA
1935 85 1.97% NA NA NA NA
1936 B6 1.09% NA NA NA NA
1937 B9 3.61% NA NA NA NA
1938 8.7 -1,90% NA NA NA NA
1939 8.8 -1.27% NA NA NA NA
1940 87 0.87% NA NA NA NA
1941 9.2 6.32% NA NA NA NA
1942 10.0 7.91% NA NA NA NA
1943 10.6 5.47% NA NA NA NA
1944 10.8 2.37% NA NA NA NA
1845 1.1 2.52% NA NA NA NA
1846 12.4 10.80% NA NA NA NA
1947 13.7 10.54% NA NA NA NA
19048 14.5 5.52% 53.0 NA 374 NA
1949 14.5 -0.06% 53.8 141% 317 1.66%
1950 14.6 0.76% 57.2 6.08% 40.5 7.20%
1951 15.6 6.66% 58.6 2.47% 444 9.16%
1952 16.0 2.15% 59.0 0.67% 46.3 4.19%
1853 16.2 1.26% 50.8 1.50% 48.1 3.80%
1954 16.3 1.01% 59.9 -0.12% 50.0 4.01%
1955 16.6 1.42% 82.4 4,15% 53.9 7.41%
1856 171 3.3%% 61.6 -1.33% 56.6 4.99%
1957 17.7 3.44% 62.3 111% 58.7 3.50%
1958 181 2.28% 62.4 0.29% 60.3 2.71%
1959 18.3 1.13% 665.2 4.35% 64.1 8.10%
1960 18.6 1.39% 65.5 0.51% 66.0 2.95%
1961 18.8 1.12% 66.6 1.54% 67.7 241%
1962 1941 1.36% 68.9 3.48% 709 4.68%
1963 16.3 1.05% 70.8 2.68% 723 2.02%
1964 19.6 1.54% 735 3.72% 76.1 5.02%
1965 i19.9 1.80% 75.8 2.82% 79.2 4.00%
1966 20.5 2.80% 77.7 2.82% 824 4.07%
1967 211 3.03% 778 0.06% 85.0 3.01%
1968 22.0 4.16% 79.8 256% 838 4.42%
1969 231 4.82% 79.2 -0.76% 91.2 2.69%
1970 24.3 5.14% 78.8 -0.50% 027 1.56%
1971 255 4,88% 81.3 3.11% 93.8 1.21%
1972 26.6 4.22% 83.7 2.87% 95.4 1.70%
1973 281 5.35% 86.1 2.87% 97.2 1.88%
1974 30.7 8.66% B3.2 -3.35% 94.0 -3.31%
1975 336 9.06% B3.6 0.43% 942 0.18%
1976 355 5.58% 86.8 3.77% 95.4 1.28%
1977 37.8 6.17% 88.1 1.46% 852 -0.25%
1978 40.4 6.78% 80.4 1.47% 95,1 -0.04%
1979 43.8 7.99% 88.8 -0.67% 84,0 -1.21%
1980 47.8 8.75% 86.9 -2.20% 935 -0.53%
1981 52.3 8.01% 88.5 -0.42% 93.5 0.04%
1982 55.5 5.92% 835 -3.59% 92,6 -1.04%
1933 57.7 3.87% 86.6 3.68% 914 1.23%
1984 59.8 3.69% 88.7 2.35% 94.5 3.34%
1985 61.6 2.98% 89.2 0.85% 94.4 -0.16%
1986 63.0 2.20% 90.6 147% 94.7 0.35%
1987 64.8 2.76% 00.7 0.16% 94.8 0.04%
1988 67.0 3.38% 91.7 1.04% 98.5 3.84%
1989 69.5 3.71% 91.7 0.00% 98.9 0.44%
1980 722 3.80% 22.0 0.40% 100.4 1.49%
1991 74.8 3.47% 91.3 -0.80% 1002 -0.18%
1992 76.5 2.36% 935 2.39% 100.0 -0.21%
1993 78.2 2.18% 93.7 0.18% 102.6 2.52%
1994 79.9 2.08% 94.4 0.78% 103.2 0.67%
1995 81.5 2.06% 94.5 0.00% 105.6 2.22%
1996 83.1 1.88% 95.8 1.42% 106.9 1.24%
1997 84.6 1.76% 96.5 0.66% 106.9 -0.02%
1998 85.5 1.12% 97.7 1.28% 107.0 0.11%
1999 86.8 1.46% 98.0 1.27% NA NA
2000 88.6
2001 90.7
2002 92.1
2003 94,1
2004 96.8
2005 100.0
2006 1033
2007 106.2
2008 108.5
2009 109.7
Averages 1952-1965

1973-1881

1982-1981

1992-2003

2004-2008
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yield just and reasonable rates.
The unit cost growth of electric utilities accelerated in the late 1960s and remained
high for about two decades thereafter for several reasons.

= Price inflation accelerated, spurred initially by the Vietnam War and
subsequently by the oil price shocks of 1974-75 and 1979-80. During the
1973-81 period, GDPPI inflation averaged 7.49% annually. Inflation
thereafter slowed but still averaged 3.58% annually during the 1982-91
period.

= Rising utility rates and slowing economic growth slowed growth in use per
customer.

»  Utility productivity growth, far from keeping pace with inflation, slowed
substantially falling by 0.22% annually on average in the 1973-1981 period
and averaging only 0.69% annual growth in the 1982-91 period. Factors
contributing to the slowdown included the exhaustion of scale economies by
some of the nation’s larger electric utilities and the propensity of some utilities
to continue making major plant additions despite slower demand growth.

Under these changed conditions, utilities in the two decades after 1967 sought
financial relief by filing frequent rate cases. However, many utilities found that they could
not earn their allowed ROE under newly established rates. One author commented in 1974, a
particularly bad year, that “it would be difficult, if not impossible, to find a utility which has
been able in the first year in which a rate increase was in effect to earn the return on which
the rate increase was predicted”.> A study found that the earned ROE on equity in the
electric utility industry was more than 200 basis points below the allowed rate of return on
average in 1974, 1979, and 1980.2° Interest coverage fell markedly for many utilities,
limiting their ability to issue new debt. Financing of new investments required greater
reliance on issuance of new common stock, and the value of stock fell below the book value
of assets in many cases. Articles about attrition and regulatory lag appeared with regularity

in the trade press.27

25 W. Truslow Hyde, “It Could Not Happen Here — But it Did”, Public Utilities Fortnightly, June 1974.

2 Walter G. French, “On the Attrition of Utility Earnings”, Public Utilities Fortnightly, February 1981.

27 See, as another example, Theodore F. Brophy, “The Utility Problem of Regulatory Lag”, Public Utilities
Fortnightly, January 1975,
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Regulators responded to this situation with an array of measures, some of which had
been used at one time or another in the past. The measures included interim rate increases;
the inclusion of construction work in progress (“CWIP”) in rate base; more widespread use
of fuel adjustment clauses; the addition of an “attrition allowance” to the target ROE, and
more widespread use of forward and hybrid test years. Adopters of FTYs in these years of
brisk unit cost growth included the Federal Energy Regulatory Commission (“FERC”) and
state commissions in California, Connecticut, Florida, Georgia, Hawaii, and New York.

‘Some of these states initially experimented with hybrid test years which, as we have
noted, make it possible to update rate filings as actual data for the later months of the test
year become available. J. Michael Harrison explained in his 1979 article some grounds for
dissatisfaction with hybrid test year experiments:

Parties charged with testing or contesting a utility’s rate case presentation
were faced with figures and issues that changed and shifted through all phases
of the case. Even after their direct evidentiary presentations were made, these
parties were faced with a required reevaluation of their positions and the
possibility that a host of new issues would be created by emerging actual data.
The commission staff, which in New York bore the brunt of this burden, faced
an almost impossible task of analyzing new data, even as its case went to the
administrative law judge or commission for decision. It became clear that the
value of the already completed hearings was being seriously undermined. **

The New York Commission decided in 1977 to move to fully forecasted test years consisting
of the first twelve months expected under the new rates.”’

The need for forward test years subsided with the slowdown of unit cost growth that
occurred in the electric utility industry in the 1990s. This slowdown was driven primarily by
a partial reversal of the business conditions that had previously caused brisk unit cost growth.
During the 1992-2003 period GDPPI growth averaged only 1.92% per year. Yields on newly
issued long term bonds fell substantially as the market lowered its expectation of future
inflation. The productivity growth of the electric, gas, and sanitary sectors increased
modestly, averaging 0.94% annually during the 1992-98 period, a trend similar to that of the
private business sector. One reason for the productivity rebound was a slowdown in plant

additions as the industry increased utilization of the generation and transmission capacity

28 J. Michael Harrison, op. cit., p. 12.
29 New York Public Service Commission, “Statement of Policy on Test Periods in Major Rate Proceedings”,

November 1977.
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built in the previous twenty years. Several electric utilities operated under base rate freezes
during these years. Their willingness fo agree to freezes reflected in part the generally
favorable unit cost conditions but sometimes also reflected an expected spurt of productivity
growth due to participation in mergers or acquisitions.

Interest in forward test years has renewed for electric utilities in recent years duetoa
renewed growth in unit cost, which is discussed in more detail in Section 3.1 below. We note
here that general inflation accelerated after 2003, with GDPPI growth averaging 2.84%
annually during the 2004-2008 period. Inflation slowed in 2009 but will likely rebound as
the world economy recovers from the recession. Utility investment needs increased during
the period to replace aging facilities, reverse declining generation capacity margins,
implement “smart grid” technologies, and meet the rising demand for transmission services
to reach remote sources of renewable energy and promote bulk power market competition.
Growth in average use has slowed with slowing economic growth and new initiatives to
promote energy conservation.

Interest in forward test years has been especially keen in the American west, Brisk
economic growth in most western states has increased the need for plant additions. Here is a
brief summary of changing test year policies in selected states.

Colorado

In Colorado, the commission rejected an FTY request by Public Service of Colorado
in 1993 but acknowledged that “the purpose of a test year is to provide, as closely as
possible, an interrelated picture of revenue, expense, and investment reasonably
representative of the interrelationships that will be in place at the time the new rates proposed
in a rate case will be in effect”.>® The commission did not forbid FTY evidence and
encouraged the company to consider a current test year, an option that it said “might provide
a promising mixture of comfort and flexibility acceptable to the parties andthe
commission.”’

Public Service filed FTY evidence in a 2008 rate case but the approved settlement in
the case was based on historical test year evidence.*? In May 2009, Public Service again

filed FTY evidence as it sought to include in its cost of service some major plant additions,

30 pUC Colorado Decision No. C93-1346 in Docket No. 93S-001EG, October 1993, pp. 21-22.

31 Ibid, p. 40.
32 Docket No. 08S-520E.
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including a new coal-fired generating unit and a smart grid build out, which would come
online in late 2009 or 2010.3> A settlement agreement, approved with modifications, based
the revenue requirement on a historical 2008 test year with extraordinary adjustments to
include the cost of the impending major plant additions. The company agreed not to file a
rate case for two years.

This settlement also indicated an expectation that the company would file FTY
evidence in its next rate case. It commits the company to provide companion historical test
year evidence, including a detailed analysis of deviations between HTY and FTY results.
The Company agreed to work with interested parties on reporting requirements with respect
to such deviation analyses in order to facilitate the review of future cases.

ldaho

In Idaho the largest electric utility, [daho Power, successfully used a hybrid test year
in a rate case filing in 2003. In a 2009 filing it successfully used a test year beginning in
January 2009.>* This was essentially a current FTY,

lllinois

The move to forward test years is not confined to western states. Illinois utilities have
long retained the right to file FTY rate cases and Integrys recently did so successfully for its
North Shore Gas and Peoples Gas Light and Coke units.” Peoples has a major need to
increase replacement investments in its aging system, which serves Chicago.

Michigan

In Michigan, utilities have used varied test year approaches. Recent legislation (2008
PA 286) explicitly sanctions forward test year filings. The law also permits utilities to “self-
implement” interim rates if rate cases aren’t resolved in 180 days. Consumers Energy and

Detroit Edison have recently filed FTY rate cases successfully.

New Mexico

In New Mexico a bill was passed in 2009 that allows the state commission to use

forward test years in electric and gas rate proceedings. The bill states that

% Docket No. 09AL~-299E.
3 Docket No. IPC-E-09-10.
35 Dockets No. 09-0166 and 09-0167.
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The commission shall set rates based on a test

period that the commission determines best reflects the
conditions to be experienced during the period when the rates
determined by the commission take effect. If a future test
period is proposed, the commission shall give due
consideration that the future test period may best reflect
those conditions.*®

The Bill was supported by majority voice vote of the New Mexico Public Regulation

Commission. .Public Service of New Mexico recently filed an FTY rate case.

Utah
Utah statutes were amended in 2003 to allow hybrid and forward test years for gas

and electric utilities. The amended statutes state that

If in the commission’s determination of just and reasonable rates the
commission uses a test period, the commission shall select a test period that,
‘on the basis of the evidence, the commission finds best reflects the conditions
that a public utility will encounter during the period when the rates determined
by the commission will be in effect.”’

The choice of a test year has since become an issue in the early stages of rate cases. In 2004,
for example, PacifiCorp [d/b/a Rocky Mountain Power (“RMP”)] filed a rate case based on a
forward test year. It defended the FTY on the grounds that its costs were increasing due to
rapid system growth and a plan to improve system reliability. An unopposed Test Year
Stipulation acknowledged that the FTY was the most sensible test year for this case and
provided for a task force to address test period procedural issues. The terms of the

stipulation were not binding for future proceedings. The Commission commented in its order

approving the stipulation that

Each case needs to be considered on its own merits and the test period
selected should be the most appropriate for that case. The test period selected
for a utility in a particular case may not be appropriate for another utility or
even the same utility in a different case. Some of the factors that need to be
considered in selecting a test period include the general level of inflation,
changes in the utility’s investment, revenues, or expenses, changes in utility
services, availability and accuracy of data to the parties, ability to synchronize
the utility’s investment, revenues, and expenses, whether the utility is in a cost

36 New Mexico Senate Bill 477, 2009.
37 Utah Code Annotated Section 54-4-4 (3).
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increasing or cost declining status, incentives to efficient management and
operation, and the length of time the new rates are expected to be in effect.®

In December 2007, RMP filed a rate case based on a forward test year beginning in
July 2008.3° The Commission instead chose a current FTY beginning in January 2008. The
Company was compelled to update its testimony to reflect the sanctioned test year. In its
final decision in the case, the Commission instructed the Company to file a semi-annual
“yariance report” comparing its actual operating results to its rate case forecasts.

In April 2009, RMP filed a notice of intent to file a rate case in June 2009 based on a
forward test year beginning in January 2010. A high level of capital investment was
emphasized in advocating the need for an FTY. The Commission approved a Test Period
Stipulation providing for a current FTY beginning in June 2009. The decision notes that the

Division of Public Utilities argued in support of the stipulation that

the stipulated test period, combined with the opportunity for the Company to
request alternative cost recovery treatment for major plant additions, will
balance the interest of the Company in reducing regulatory lag and the
interests of customers by reducing the risks associated with the timing and
cost of major capital additions projected to be completed 18 months into the

future.*°

Wvyoming

In Wyoming, a stipulation approved in 2006 provided that RMP (d/b/a PacifiCorp)
could, on a one time trial basis, file a rate case based on a forward test year, RMP filed a rate
case in June 2007 using an FTY ending in August 2008. The Wyoming Public Service
Commission approved a rate settlement based on the forecasts for this test year. They
indicated a willingness to hear forward test year evidence in the general rate case but
required the company to submit conventional historical test year evidence as well. The
Commission also directed the company to prepare a report comparing its actual cost and
billing determinants for the current test year to those which the company forecasted in the

proceeding. In the event, the variance report stated that the company had overestimated its

38 public Service Commission of Utah, “Order Approving Test Period Stipulation”, Docket 04-035-42, October

2004.
39 public Service Commission of Utah, “Order on Test Period”, Docket No. 07-035-93, February 2008.

4 public Service Commission of Utah, “Report and Order on Test Period Stipulation”, Docket No. 09-035-23,
June 2009.
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cost by a small amount but overestimated its revenue and on balance did not earn its allowed
rate of return for the year.

In July 2008, RMP filed a new rate case with a current FTY ending in June 2009
using calendar 2007 as a historical reference yeér. The company emphasized in its case the
inability of historical test year rates to compensate the utility for sizable new investments in
its system. The Commission approved a settlement that included a provision that RMP file
historical test year evidence as well as any FTY evidence in its next rate proceeding.41 RMP
will continue to file operating results that will permit the Commission to review the accuracy

of its FTY forecasts.
2.2 CURRENT STATUS

Table 2 and Figure 1 detail the test year approaches that are currently in use across the
United States. It can be seen that historical test years are now used by most large IOUs in
less than twenty U.S. jurisdictions. Nearly as many jurisdictions (AL, CA, CT, FL, GA, HI,
ME, MI, MN, MS, NY, OR, R, TN, WI, and the FERC) use forward test years routinely, at
least for larger utilities. Forward test years are also used in several Canadian jurisdictions.
Four jurisdictions (AR, OH, NJ, & PA) use hybrid test years. An additional 13 jurisdictions
are not neatly categorized. Here are some examples.

» Large utilities in Illinois, Kentucky, Maryland, and North Dakota utilities use
various test years.
= As previously noted, test years used by utilities in Utah and Wyoming depend

on conditions at the time of filing and New Mexico is heading in that direction.
2.3 CONCLUSIONS

In Section 1.2 we noted that the matching principle used in historical test year rate
cases is based on the assumption that growth in billing determinants matches cost growth so
that unit cost is stable. This is true when growth in utility productivity and average use
somehow combine to offset the cost impact of input price growth. We report in this chapter
that conditions like these have not been normal for electric utilities since the 1960s. Periods

of unit cost stability can still occur, but are apt to be followed by periods of rising unit cost.

41 Wyoming PSC Docket Number 20000-333-ER-08 (Record No. 11824), May 2009.
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Table 2

Test Year Approaches of U.S. Jurisdictions

Forward (16)

State

Notes

Alabama
California
Connecticut
FERC
Florida
Georgia
Hawail
Maine
Michigan
Minnesota
Mississippl
New York
Oregon
Rhode Island
Tennessee
Wisconsin

Alabama Power's Rate Stabilization and Equalization Factor is forward looking.

Cost Is based on a historical test year that is escalated 10 a future rate year.
Rate cases use forward test years while formula rate plans fend to use HTYs.

Cost is based on a historical test year that is escalated to a fulure rate year.

Cost is based on a historical test year that is escalaled 1o a future rale year.

Hybrid (4)

State

Notes

Arkansas
Ohio

New Jersey
Pennsylvania

Transitional/Varying (13)

Utility Name ___ Notes

Colorado Public Service of Golorade can file FTY evidence. No FTY rales have yet been approved bul the
most recent case made exiracrdinary HTY adjusiments.
District of Columbia PEPCO has filed rate cases using both hybrid and historical test years recently.
Delaware Before restructuring FTY filings were common, but companies have used HTY in recent filings.
kdaho
linois Historic test years are the nomm in IL. However, utilities have the right to make FTY filings and an
FTY was accepted in a recent rate case of the Integrys gas utilities.
Kentucky FTYs are legally authorized, but only Duke Energy has utilized them {o date.
Louisiana Cleco Power frequently uses hybrid test years. Entergy New Orleans recently had a hybrid test
year approved via settlement.
Maryland Baltimore Gas & Electric tends to file hybrid test years while other utilities fend lo file historical test
years.
Missouri Uliities have the option to file hybrid year forecasts that are trued up during the course of the
proceeding.
New Mexico Recently passed law allows for use of FTY, but no rale case with an FTY has yet been approved.
Norih Dakota Utilitles use various test years including FTYs.
Utah Tes! year selection is part of ihe rate case and can be conlesled, Several receni rate cases have
used FTYs.
Wyoming Rocky Mountain Power has recently had FTYs approved.
Historical (19)

Utility Name Notes
Alaska
Arizona
Indiana
lowa
Kansas
Massachusetts
Montana .
Nebraska Nebraska has no electric 10Us In ils jurisdiction. Gas companies are legally authorized to use

FTYs, but no gas company has had FTY rates approved.

Nevada
New Hampshire
Norih Carolina
Okiahoma
South Carolina
South Dakota
Texas
Vermont
Virginia
Washingion
West Virginia
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Figure 1

Map of Jurisdictions by Approved Test Year
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Numerous regulators have moved away from historical test years in periods when unit cost is

Forward Test Year

rising. Historical test year jurisdictions are now in the minority.
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3. EMPIRICAL SUPPORT FOR FORWARD TEST YEARS

3.1 UNIT CosT TRENDS OF U.S. ELECTRIC UTILITIES

In Section 1.2 we detailed the key role that the trend in the unit cost of utilities has in
determining the reasonableness of historical test years and the need for forward test years. In
original research for this paper, we have calculated the unit cost trends of a sample of
vertically integrated electric utilities (“VIEUs”). In this section, we explain our research

methods in some detail before discussing the results.

3.1.1 Data

The primary source of utility cost date used in the study was the FERC Form 1.
Major investor-owned electric utilities in the United States are required by law to file this
form annually. Data reported on Form 1 must conform to the FERC’s Uniform System of
Accounts. Details of these accounts can be found in Title 18 of the Code of Federal
Regulations.

Unit cost calculations also require data on billing determinants. Data on the number
of customers served were drawn from FERC Form 1. Data on delivery volumes were drawn
from Form EIA 861. The FERC Form 1 and Form EIA 861 data used in this study were
gathered by SNL Financial, a respected commercial vendor.

Data were considered for inclusion in the sample from all major investor-owned
VIEUs that did not offer gas distribution service or sell or spin off the bulk of their
transmission assets in recent years. To be included in the study the data were required,
additionally, to be plausible and not unduly burdensome to process. Data from the thirty four
companies listed in Table 3 were used in the unit cost research. The sample period was
1996-2008. The year 2008 is the latest for which the requisite data were available when the
study was prepared.

Supplemental data sources were used to measure input price trends. Handy Whitman
indexes were used to measure electric utility construction cost trends. Global Insight indexes
were used to measure trends in the prices of electric utility materials and services.
Employment cost indexes prepared by the BLS were used to measure trends in labor prices.

Regulatory Research Associates data was used to measure trends in target ROEs approved by

regulators.
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Table 3

Utilities Included in the Unit Cost Research

Company

Alabama Power
Appalachian Power
Arizona Public Service
Black Hilts Power

Carolina Power & Light
Cleco Power

Columbus Southern Power
Dayton Power and Light
Duke Energy Carolinas
Empire District Electric
Entergy Arkansas

Florida Power & Light
Florida Power

Georgia Power

Gulf Power

Idaho Power

Indianapolis Power & Light
Kansas City Power & Light
Kentucky Power

Kentucky Utilities
Minnesota Power
Mississippi Power

Nevada Power

Ohio Power

Oklahoma Gas and Electric
Otter Tail Power

PacifiCorp

Portland General Electric
Public Service Company of Oklahoma
Southwestern Electric Power
Southwestern Public Service
Tampa Electric

Tucson Electric Power
Virginia Electric and Power

Number of utilities in sample: 34
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3.1.2 DEFINITION OF UNIT COST

In Section 1.2.1 we discussed a measure of unit cost growth that is relevant in the
appraisal of test years. It is constructed by taking the difference between growth in the net
cost of base rate inputs and the growth in an index of utility billing determinants. For each
sampled utility, we calculated the total cost of base rate inputs net of taxes as the sum of non-
energy O&M expenses, depreciation, amortization, and return on rate base. Non-energy
O&M expenses were calculated as total O&M expenses Jess customer service and
information expenses and energy expenses that included those for steam power generation
fuel, nuclear power generation fuel, other power generation fuel, and purchased power.42 3

Return on rate base was calculated as the value of the rate base times a weighted
average cost of capital (“WACC”). In constructing the WACC we assumed 50/50 weights
for debt and common equity. The rate of return on debt was calculated as the ratio of the
interest payments of electric utilities to the value of their debt as reported on the FERC Form
1. The ROE was calculated as the average applicable allowed ROEs of electric utilities as
reported by Regulatory Research Associates.** The rate base for each utility was calculated
as its net plant value less net accumulated deferred income taxes plus the value of its fuel,
material, and supply inventories.

We reduced the base rate cost thus calculated by two kinds of “non-core” revenues, as
is common in the calculation of retail base rate revenue requirements. One item deducted
was Other Operating Revenue. This is the revenue from miscellaneous goods and services
that include bulk power wheeling. The other component of non-core revenues was an
estimate of the margin from power sales for resale.”’

The growth in the billing determinant index used in our study is a weighted average
of the growth in important billing determinants of electric utilities. The determinants used in

index construction were the numbers of residential, commercial, and other retail customers

4“20ystomer service and information expenses were excluded because they tended to rise over the sample period
due to expanding demand-side management programs. The cost of DSM programs is typically recovered using

tracker-rider mechanisms.
43 We also excluded the Other Expenses category of Other Power Supply Expenses. We believe that large and

volatile commodity-related costs are sometimes reported in this category.
4 In this calculation, we assumed that the target ROE approved for a utility in its most recent rate case was

a?plicable until a new target ROE was approved.
> These margins were computed as the difference between sales for resale revenue and an estimate of the

energy commodity costs used in power supply.
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and the corresponding delivery volumes.*® We weather normalized the volumes using
econometric demand research. In constructing the index, the trends in the billing

determinants thus assembled were weighted by our estimates of the typical shares of
individual billing determinants in the base rate revenue requirements of VIEUs.*”” The

estimates were drawn from a perusal of recent VIEU rate case filings.
3.1.3 UNIT CoST RESULTS
Unit Cost Trends

The average annual trends of the sampled utilities in their cost, billing determinants,

and unit cost can be found in Table 4 and Figure 2. It can be seen that unit cost declined by a
modest 0.78% annually on average in the 1996-2002 period as average growth in billing
determinants exceeded average growth in cost. The average growth in unit cost was positive
in only one year of this period. These results suggest that, under typical operating conditions,
historical test years would have yielded compehsatory outcomes in rate cases during this
period.

In the 2003-2008 period, on the other hand, it can be seen that unit cost grew briskly,
averaging about 2.31% annually. Utilities experienced unit cost growth on average in every
year of the period. Cost averaged 1.98% annual growth from 1996 to 2002 and 4.36%
annual growth thereafter. The normalized growth of billing determinants averaged 2.75%
per annum through 2002 but only 2.05% per annum thereafter. Thus, growth in billing

determinants slowed despite marked acceleration of cost growth.

Earnings Impact

To consider the earnings attrition resulting from 2.3% annual unit cost growth,
consider that if the typical company in the sample earned its target ROE it would constitute
about 13% of the total cost of its base rate inputs. Assuming two years of 2.3% unit cost
growth, revenue based on prices reflecting only the normalized business conditions of the
historical test year would be expected to result in a 4.45% base rate revenue shortfall. If

there was no tax adjustment, this would reduce the return on equity by about 35%. Assuming

% The retail peak demands of commercial and industrial customers are also important billing determinants but

data on these were unavailable.
7 We assigned the base rate revenue shares corresponding to demand charges to the “other retail” delivery

volume, expecting that these volumes have trends that are similar to those of demand charge billing
determinants,
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an allowed ROE of 11%, this would mean a drop in ROE of around 375 basis points before
tax adjustments. While lower income taxes would mitigate the earnings impact, we may
conclude from this analysis that historical test years would have been inherently non-
compensatory for a utility operating under the typical business conditions facing VIEUs in
recent years. Results would be much worse for utilities facing more pronounced unit cost
pressures due, for example, to an accelerated program of replacement capex or a large scale
DSM program.

Unit Cost Drivers

Input Prices Our discussion in Section 1.2.1 contained the result that input price inflation,
productivity growth, and the trend in average use were key drivers of unit cost growth. We
calculated for this report indexes of the inflation in the prices of base rate inputs faced by the
sampled VIEUs. The growth rates of the summary input price indexes are weighted averages
of the growth rates in indexes of prices for electric utility plant and O&M labor and materials
and services. The index for each utility uses as weights the share of each input group in the
total cost of the company’s base rate inputs.*® The index for the price of plant was calculated
from the trends in bond yields, allowed returns on equity, and the Handy Whitman
Construction Cost Index for vertically integrated electric utilities in the applicable region.
Results of our input price research are presented in Table 5 and Figure 3. It can be
seen that the prices of base rate inputs averaged 2.76% annual inflation in the 1996-2002
period and 3.65% inflation in the 2003-2008 period --- an increase of 89 basis points. The
price acceleration was primarily in materials and services and capital. M&S price inflation

averaged 2.08% annually in the 1996-2002 period and 4.31% annually in the 2003-2008

period.

4 An input price index with cost share weights effectively estimates the impact of price inflation on cost.
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Plant Additions Large plant additions were noted in Section 1.2.1 to be an important driver
of utility productivity growth. Table 6 and Figure 4 describe the trend in real (i.e. inflation
adjusted) plant additions per customer of the sampled utilities. It can be seen that from 2003
through 2008, real plant additions were 25% higher on average than in the 1995-2002 period.
Average Use In Table 7 and Figure 5 we present information on the trends in weather
normalized average use by the residential and commercial customers of a large sample of
U.S. electric utilities from 1996 to 2008. The sample included specialized transmission and
distribution utilizes as well as VIEUs. It can be seen that the growth rates in average use
have tended to fall for both residential and commercial customers since 2002. The trend was
more pronounced for residential customers. Growth in normalized average use of power by
residential customers averaged 1.09% per year in the 1996-2002 period and 0.43% per year
in the 2003-2008 period. Growth in weather-normalized average use by commercial
customers averaged 1.04% per year in the 1996-2002 period and 0.74% per year in the 2003-
2008 period.

The average use slowdown was especially pronounced in thé 2006-2008 period. The
normalized average use of residential customers averaged a slight 0.19% annual decline and
average use by commercial customers was essentially flat. For this more recent period, we
separately calculated trends for utilities in service territories with large DSM programs and
the trends for utilities in other territories. The normalized average use by residential
customers of utilities operating in territories with large DSM programs declined by a
remarkable 0.68% on average.

These results suggest that the typical IOUs may not be able in the future to count on
brisk growth in average use by residential and commercial customers to buffer the impact on
unit cost growth of input price inflation and increased plant additions. The problem will be
considerably more acute in service territories where there are aggressive conservation
programs. Forward test years will be particularly uncompensatory where utilities must cope

with the consequences for load of aggressive DSM programs.




*S9X9pU| 1S00 UORINASUOD AJIIN D110918 UBWHYM
ApueH reuoiba. ajqeoijdde Buisn pajejep suoilppe jueld °| Wwio4 OY34 Wolj Blep Jewond pue 1So) 1s83IN0g

v6'0L1
G0°'/8
22 0cl G8'92!1 6L°GOL
€881 28'521 1S 6L
£6°00 68°CCi y0's2l
617°G6 86°021 2G'GHE
9626 82'8L1 2y oLl
gglet 2S94 A58 14!
95'v6 0L VLL 9t'801
1886 082kl 9y LiL
9b°'26 9904} 1£°201
L0E8 02’80} 28'68
0£'99 ££'90} 050
028 66°€01 66'G8
£6'16 68'101 92'€6
00°00} 00°001 00°001
(00L=5661) (001=G661) (001=6661) 9o1M10S

lswolsny) tad suolppy |esyd

SI8WO0ISNY JO JIAqUINN

uy Jue|d O} SUOHIPPY [eoy

8002-£002
¢00¢-9661

sobreiony

800¢
£00¢
900¢
G00c
¥00¢
£00¢
c00¢
100¢
0002
6661
8661
L661
9661
G661

sann pejdwes Jo Jawioisny Iad SUORIppY lueld [edy

€9 jo /i abed
Z-ININ 8hpayos

9 9|geL



T T Nz e

Schedule MNL-2
Page 48 of 63

Figure 4

Real Plant Additions per Customer of Sampled Utilities
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3.2 How TEsT YEARS AFFeCT CREDIT QUALITY METRICS

Table 8 presents results for selected credit quality metrics for a large sample of
electric utilities. The reported metrics are averages for the 2006-2009 period. The source is
Credit Stats: Electric Utilities—U.S., a report appearing in the Global Credit Portal of
Standard & Poor’s RatingsDirect. We present results for four credit metrics: Standard &
Poor’s corporate credit rating, the (rate of) return on capital, and two cash flow ratios
(EBITDA interest coverage and FFO/Debt).

Cash flow ratios are used by credit analysts to assess a utility’s ability to service debt.
The cash flow measures are normally calculated as adjustments to net income that add back
cash flows that could be used to service debt. FFO (funds from operations), for instance,
adds back depreciation and amortization e€xpenses. EBITDA (earnings before interest, taxes,
depreciation, and amortization) adds back interest and tax payments as well as depreciation
and amortization.

Table 8 reports averages for each of the numerical metrics for utilities that operated
under historical, hybrid, and forward test years throughout the 2006-2008 period. There is
also an indeterminate category for utilities that are not easily categorized as having operated
under one kind of test year during this period.

Caution must be taken in making comparisons inasmuch as these metrics may differ
between the sampled utilities due to differences in several other business conditions as well
as to any differences in test years. The other relevant business conditions include the ability
to rate base construction work in progress, the local severity of the 2008 recession, and
whether or not utilities operated under formula rates and/or revenue decoupling. Despite
these complications, the samples are large and diverse enough to shed some light on the
effect that test years have on credit metrics.

Comparing the results, it can be seen that the values of all four credit metrics were
typically much more favorable for the forward test year utilities than for the historical test
year utilities. |

o The forward test year utilities had a typical credit rating between BBB+ and A-

whereas the historical test year utilities had a typical credit rating between BBB-

and BBB.
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Table 8

How Credit Metrics of Electric Utilities
Differ by Test Year, 2006-2008

Company Name

Historical Test Years
AEP Texas Central
AEP Texas North
Appalachian Power
Arizona Public Service
Black Hills Power
Carofina Power & Light
CenterPoint Energy Houston Electric
Ceniral {flinois Light
Central liiinois Public Service
Central Vermont Pubiic Service
Commonwealth Edison
Duke Energy Carolinas
Duke Energy Indiana
El Paso Eleciric
Entergy Guli States
Entergy Louisiana
Entergy Texas
Interstate Power & Light
IPALCO Enterprises {Indianapolis Power & Light)
Kentucky Power
MidAmerican Energy
Nevada Power
NSTAR Electric
Oklahoma Gas & Electric
Oncor Electric Delivery
Public Service Company of Colorado
Public Service Company of New Hampshire
Public Service Company of New Mexico
Public Service Company of Oklahoma
Puget Sound Energy
Sierra Pacific Power
South Carolina Electric & Gas
Southern Indiana Gas & Electric
Southwestern Electric Power
Southwestern Public Service
Texas-New Mexico Power
Tuscon Electric Power
Westar Energy
Woestern Massachusetts Electric

Hybrid Test Years
Allantic City Electric
Baltimore Gas & Electric
Claveland Electric Hiuminating
Gleco Power
Columbus Southern Power
Dayton Power & Light
Duke Energy Ohio
Entergy Arkansas
Idaho Power
Jersey Central Power & Light
Metropolitan Edison
Ohio Edison
Ohio Power
PECO Energy
Pennsylvania Electric
PPL Electric Utilities
Public Service Electric & Gas
Toledo Edison

S&P Corporate
Credit Rating

BBB
BBB
BBB
BBB-
BBB-
BBB+
BBB
BBB-
BBB-
BB+
BBB-
A-
A-
BBB
BBB
BBB
BBB
BBB+
BB+
BBB
A-
BB
A+
BBB+
BBB+
BBB+
BBB
BB-
BBB
BBB
BB
BBB+
A-
BBB
BBB+
BB-
BB+
BBB-
BBB

BBB
BBB
BBB
BBB
BBB
A-
A-
BBB
BBB
BEB
BBEB
BBB
BBB
BEB
BBB
A-
8BB
BBB

Return on Capital
(%)

7.9
6.9
8.1
6.0
73
9.6
11.3
9.8
9.5
49
7.0
6.4
7.0
8.0
9.4
7.2
6.6
5.8
10.5
13.2
6.5
10.7
8.4
i0.2
10.0
9.6
8.1
8.4
3.9
4.9
75
7.4
8.3
9.5
7.4
53
53
84
6.7
5.8

9.5
9.6
6.8
13.3
8.3
135
16.3
5.2
6.7
6.6
83
9.3
94
8.2
10.5
8.9
9.5
87
1.9

EBITDA/Interest
Coverage

4.2
28
49
29
46
48
59
6.2
8.2
36
27
3.1

6.1

5.1

4.2
28
3.2
25
5.5
3.4
3.5
5.5
26
7.7
6.4
4.4
4.3
4.8
23
27
38
29
47
5.4
3.5
35
3.3
3.2
3.9
37

5.9
44
43
4.3
3.7
6.5
16.1
6.3
56
3.8
8.5
6.7
4.6
a3
7.0
55
4.6
49
52
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FFO/debt
(%)

18.2
8.7
21.0
9.5
19.3
25.3
25.0
24.4
20.5
18.7
12.8
12.1
28.5
21.3
18.8
251
36.3
14.0
24.4
12,9
13.8
227
114
21.6
25.2
17.9
19.6
13.7
8.6
18.3
13.7
i2.7
211
22.8
15.4
121
9.5
17.9
14.8
11.8

19.9
34.2
1.1
9.2
10.9
23.3
429
25.5
27.7
10.7
22.9
127
14,5
15.0
19.5
15.8
18.6
14.9
28.0




i - !. - . R

Schedule MNL-2
Page 53 of 63

Table 8, continued

How Credit Metrics of Electric Utilities
Differ by Test Year, 2006-2008

S&P Corporate  Return on Capital EBITDA/Interest FFO/debt

Company Name Credit Rating (%) Coverage (%)
Forward Test Years 9.2 51 21.0

ALLETE (Minnesota Power) BBB+ 108 5.1 195
Central Hudson Gas & Electric A 9.6 4.9 14.8
Central Maine Power BBB+ 8.2 53 17.8
Connecticut Light & Power BBB 6.7 43 12.2
Detroit Edison BBB 8.2 4.9 16.8
Entergy Mississippi BBB 7.2 43 271
Florida Power & Light A 9.9 7.0 30.7
Florida Power Corp. BBB+ 9.9 45 19.0
Georgia Power A 101 59 226
Gulf Power A 97 56 19.2
Hawaiian Electric BBB 7.1 4.4 15.3
Mississippi Power A 11.6 8.9 35.5
Northern States Power - MN BBB+ 9.4 4.9 229
Northermn States Power - W A- 88 59 26.6
Pacific Gas & Electric BBB+ 10.7 4.0 233
PacifiCorp A- 7.9 4.0 7.3
Portland General Electric BBB+ 7.9 41 19.2
Rochester Gas & Electric BEB 9.4 3.8 19.4
Southem California Edison BBB+ 11.4 4.0 19.3
Tampa Electric BBB 9.6 4.5 21.0
Wisconsin Electric Power A- 6.9 54 14,6
Wisconsin Power & Light A- 101 50 247
Wisconsin Public Service A- 9.8 56 23.8
Indeterminate 7.8 4.3 18.1

Alabama Power A 9.5 5.7 215
Empire District Electric B8BB- 7.3 35 15.7
Indiana Michigan Power BBB 6.7 35 15.4
Kansas City Power & Light BBB 7.9 48 19.4
Potomac Electric EBB 7.4 4.4 206
Southwestern Electric Power BBB 7.4 35 154
Union Electric BBB- 8.2 4.4 18.4
All Companies 8.6 4.8 19.3

Source: Standard & Poor's Ratings Direct, Credit Stats: Electric Utilities - U.S. August 24, 2009. Financial mefrics are averages of the years 2006-2008.

Standard & Poor’s Financial Services LLC (“S&P”) ratings may not be reproduced or distributed without the prior permission of S&P. S&P does not guarantee the accuracy,
completeness, timeliness or availability of any information, including ratings, and is not responsible for any errors or omissions (negligent or otherwise), regardiess of the
cauge, or for the results obtained from the use of ratings. S&P GIVES NO EXPRESS OR IMPLIED WARRANTIES, INCLUDING, BUT NOT LIMITED TO, ANY
WARRANTIES OF MERCHANTABILITY OR FITNESS FOR A PARTICULAR PURPOSE OR USE. S&P SHALL NOT BE LIABLE FOR ANY DIRECT, INDIRECT,
INCIDENTAL, EXEMPLARY, COMPENSATORY, PUNITIVE, SPECIAL OR CONSEQUENTIAL DAMAGES, COSTS, EXPENSES, LEGAL FEES, or LOSSES
(INCLUDING LOST INCOME OR PROFITS AND OPPORTUNITY COSTS) IN CONNECTION WITH ANY USE OF RATINGS. S&P’s ratings are statements of

opinions and are not statements of fact or recommendations to purchase, hold or sell securities. They do not address the market value of securities or the suitability of
securities for investment purposes, and should not be relied on as investment advice.




Schedule MNL-2
Page 54 of 63

o The forward test year utilities had an average return on capital of 9.2% whereas
the historical test year utilities had an average return of 7.9%.

o The forward test year utilities had an average EBITDA/interest coverage of 5.1
whereas the historical test year utilities had an average coverage of 4.2

o The forward test year utilities had an average FFO/debt ratio of 21 .0% whereas
the historical test year utilities had an average ratio of 18.2%.

Additional insights concerning the effect of forward test years on credit quality can be
found in another recent Standard & Poor’s report.” The study sought to rank state regulatory
regimes with respect to their effect on credit quality. Of the fourteen states covered by the
study which had well-established forward test year traditions at the time of the study, the
author found five to be “more credit supportive”, six to be “credit supportive”, only two to be
“less credit supportive”, and none to be “least credit supportive”. In contrast, of the

seventeen states covered by the study that had well-established historical test year conditions,

T s

only three were categorized as “more credit supportive”, seven were categorized as “credit

supportive”, six were categorized as “less credit supportive” and one was categorized as

“least credit supportive”.

3.3 INCENTIVE IMPACT OF FORWARD TEST YEARS

In Section 1.2.4 we noted that the incentive impact of forward test years has been an
issue in some proceedings. We argued, based on our experience in the field of incentive
regulation, that the incentive impact of forward and historical test years should be similar on
balance. To test the hypothesis that the choice of a test year has no impact on operating
efficiency, PEG Research measured the trends in the O&M expenses of a large group of
VIEUs over the 1996-2008 sample period. O&M expenses are a better focus than the total
cost of base rate inputs in such a study because some utilities had greater needs than others
for major plant additions and these needs had little to do with the kind of test year in a
jurisdiction. Differences in cost growth are due in part to differences in output growth, so we
divided O&M expenses by three alternative output metrics: generation volumes, generation
capacity, and the number of customers served. We calculated how the trends in the three cost

metrics differed for utilities operating under three kinds of test years: historical, hybrid, and

% Todd Shipman, Assessing U.S. Utility Regulatory Environments, Standard & Poor’s Ratings Direct,
November 2008.

-
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forward. If forward test years weaken operating efficiency, we would expect the growth in
the cost metrics to be higher on average for the forward test year utilities.

Results of this exercise are reported in Table 9. It can be seen that, using all three
cost metrics, the cost trends of the forward test year utilities were similar to --- and a little
slower than --- those of the historical test year utilities and of the full utility sample. These

results are consistent with the notion that there is no significant difference in the incentives to

contain cost that are generated by future and historical test years.
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4. CONCLUDING REMARKS

Having established in some detail in the chapters above the financial stresses imposed
on U.S. electric utilities by historical test years today, we provide in this chapter some
concluding remarks on action plans for regulators who wish to move forward with sensible
remedies.

4.1 SENSIBLE FIRST STEPS

In states where regulators are interested in experimenting with forward test years but
not yet prepared to “make the plunge” to large scale adoption, our discussion has identified a
number of cautious first steps down the road that limit the risk of bad outcomes but permit
the regulatory community to learn more about FTY pros and cons.
o Allow a forward test year on a trial basis for one interested utility.
o Allow forward test years on an occasional basis when a utility makes a
convincing case that rising unit costs make historical test years unjust and
unreasonable. A ruling on the test year issue can precede the preparation of a
rate case, as in Utah.
o Borrow a few of the methods used in FTY rate cases to make additional
adjustments to historical test year costs and billing determinants. For

example, HTY O&M expenses and/or plant addition costs can be adjusted for

Residential and commercial delivery volumes can be adjusted for recent
average use trends. Special adjustments can be made for looming major plant
additions.

o Try current FTYs, which involve forecasts only one year into the future.
Current test years can be combined with interim rate increases at the outset a
rate case which are subject to true up when new rates are ultimately approved.
The combination of current test years and interim rates is a salient option

because it eliminates regulatory lag without a two year forecast.
4.2 ALTERNATIVE REMEDIES FOR TEST YEAR ATTRITION

In states where regulators aren’t ready to abandon historical test years but are

sympathetic to the attrition problems that they sometimes cause, a variety of alternative

l forecasts of price inflation prepared by respected independent agencies.
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measures are available to relieve the financial attrition that can result from using historical

test years in a rising unit cost environment.

1. HTY calculations can incorporate the full array of normalization, annualization,

and known and measurable change adjustments that are used in other

jurisdictions.

. Utilities can be permitted to implement interim rate increases. Interim rates can

effectively reduce regulatory lag by a year. States that permit interim rates
include HI, 1A, MI, MO, NH, OK, TX, VA, and WL

. Capital spending trackers can ensure timely commencement of the recovery of

costs of plant additions, without rate cases, when assets become used and useful.
Trackers can be designed to maintain incentives for good capital cost
management and timely project completion. Monitoring by PEG Research
reveals that capital spending trackers have been approved for use by energy
utilities in AR, CA, FL, GA, IA, ID, IL, IN, KS, KY, MD, ME, MN, MO, NJ,
NY, OH, OK, OR, PA, TX, VA, and WL

_ The inclusion of CWIP in rate base improves cash flow and reduces future rate

shocks. This practice also reduces the losses that a utility experiences making
large plant additions under historical test year rates. Monitoring by the Edison
Electric Institute has found that states that have recently allowed inclusion of
CWIP in rate base include CO, FL, GA, IN, KS, KY, LA, MI, MO, NC, NM, NV,
SD, TN, VA, and WV.

. Cost trackers can also adjust rates automatically to ensure timely recovery of

O&M expenses that are unusually volatile and/or expected to rise rapidly.
Expenses that are often recovered using trackers include those for pensions and
benefits, uncollectible bills, and DSM.

. Several methods have been established to compensate utilities for slowing growth

in average use.
e Lost revenue adjustment mechanisms (a/k/a lost margin trackers) restore
margins that are estimated to have been lost because of utility
conservation programs. These are currently used by electric utilities in

CT, IN, KY, OH, NC, and SC.
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e Decoupling true-up pians help base rate revenue track revenue
requirements more closely and can thereby restore lost margins that result
from slow growth in average use resulting from a wider variety of sources,
including conservation programs administered by independent agencies.
Such plans are currently used by electric utilities in CA, CT, DC, HL, ID,
MA, MD, MJ, NY, OR, VT, and WI. They are used by gas utilities in
several additional states (e.g. AR, CO, IN, MN, NJ, NC, UT, VA, WA,
and WY).

e Higher customer charges are also effective in reducing attrition from
declining average use. Straight fixed variable pricing, which recovers all
fixed costs using fixed charges, is used by gas utilities in GA, MO, OH,
OK, and ND.

7 The duration of rate cases can be limited. A reasonable cap is the average length

of cases in the United States, which is currently between nine and ten months.”’

. Multiyear rate plans can give utilities rate escalation between rate cases for

inflation and other business conditions that drive cost growth. Such plans

typically have a duration of three to five years, and terms of seven to ten years

have been approved. Even if an historical test year makes the initial rates under

such plans non-compensatory, it would only happen once in a multiyear period.
Utilities would have several years to recoup their losses through superior
productivity growth --- and an incentive to do so. North American jurisdictions
where multiyear rate plans are common include CA, ME, MA, NY, OH, and VT
in the United States and Alberta, British Columbia, and Ontario in Canada. This

approach to ratemaking is more the rule than the exception overseas.

50 See EEI 2007 Financial Review, p. 36.
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APPENDIX: UNIT COST LOGIC

To better understand the conditions that can cause historical test year rates to produce
earnings attrition, suppose that year t is a rate year (a year when new rates take effect) and
that the utility is underearning with its newly implemented HTY rates. The cost of base rate
inputs then exceeds base rate revenue and the ratio of cost to revenue is positive.

Cost; /Revenue; > 0.

To simplify the story, suppose next that the utility has only one service and the base rate for
that service is gathered exclusively from a volumetric charge. In the historical test year, the
revenue requirement is then the product of a price (Pi.2) and a volume (Vi) and this is set
equal to the allowed cost of service

Py2x Vi2 = Costya
so that

Py.; = Costi.p/Vi.z = Unit Costi.,.

The rate equals the cost per kWh of sales, which we may call the unit cost of service in the
historical test year.

Revenue in the rate year is the product of this same price, which reflects historical
business conditions, and the contemporary sales volume. The ratio of cost to revenue may
then be restated as

Cost; /Revenue;, = Cost;/ (Pr2x V)

= Cost, / [(Costr.2/ Vi2) X Vi]
= (Cost; / Vi) / (Costra/ Vi)
= Unit Cost; / Unit Cost:2. - [Al]
An historical test year rate is thus non-compensatory if the utility’s unit cost is higher in the
rate year than it was two years ago in the test year. Growth in the unit cost of the utility is
thus the fundamental reason for earnings attrition. Note also that

Unit Cost, / Unit Cost.o = (Cost; / Costy.z) / (Vi/Vi.2). [A2]
Unit cost thus grows between the test year and the rate year if cost grows more rapidly than
the sales volume. Growth in the sales volume therefore matters as well as cost growth in

determining a utility’s unit cost trend. Moreover, the ability of historical test year rates to
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avoid under or, for that matter, over earning depends on the stability of the relationship
between cost and billing determinants.

The key result that historical test years are non-compensatory when unit cost is rising
extends to the real world situation in which a utility provides multiple services, each with
several charges. In this situation the ratio of the total delivery volume in [A2] is replaced by

a weighted average of the ratios for all billing determinants.” !

5! The weight for each individual billing determinant is its share of the total base rate revenue.
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. Introduction

Many utilities are experiencing the problem of regulatory lag today. They are struggling with a tendency of
costs to grow more rapidly than the delivery volumes and other billing determinants that cause revenue
growth. Some utilities need major generation or transmission plant additions. Others are engaged in
accelerated programs to modernize distribution plant or install advanced metering infrastructure (“AMI”).
Growth in the volume of utility services used by a typical customer (“average use™) once helped to finance
plant additions because it bolstered revenue more than cost. However, growth in average use has slowed
with a weak economy and increased energy efficiency. Traditional approaches to regulation can fail to
provide timely rate relief under these conditions. The result can be chronic financial attrition that increases
risk and can discourage needed investments.

Alternatives to traditional regulation have been developed which reduce regulatory lag. These include cost
trackers, the inclusion of construction work in progress (“CWIP”) in rate base, multiyear rate and revenue
caps, revenue decoupling, formula rates, and forward test years. This review briefly explains these options
and provides a summary of precedents for electric and natural gas utilities. A summary of states that
currently use these approaches is featured in Table 1. Natural gas precedents are included because of their

relevance to “wires only” electric power distributors.

Edison Electric Institute 1
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Il. Cost Trackers and CWIP in Rate Base

Trackers are used in various situations where it is less practical to rely on general rate cases to adjust rates for
particular changes in business conditions. For example, the energy costs of utilities are usually recovered via
cost trackers because their volatility and substantial size would otherwise lead to frequent general rate cases
and/or elevated earnings risk. Other volatile costs that are sometimes recovered using trackers include those

for pensions and uncollectible bills.

Trackers are also used for recovering costs that are rapidly rising irrespective of their volatility. This can
facilitate investment, and reduce risk and the frequency of rate cases. Slow growth in average use reduces
concern about overearning because the growth in billing determinants is less likely to exceed the growth in
cost that is not recovered by trackers. Examples of utility costs that are tracked because of their rapid
growth include those for health care, demand side management (“DSM”), and surges in plant additions.

Trackers for the annual cost of plant additions are sometimes called capital expenditure (“capex”) trackers.
Plant additions can surge for several reasons. Utilities engaged in transmission and distribution occasionally
have major plant additions that increase the rate base substantially. Base load generation is a common source
of major plant additions for vertically integrated electric utilities. Base load power plants can take years to
construct. An allowance in rates for funds used during construction is traditionally not permitted until assets
are used and useful. This involves extra interest expenses and produces rate “shock” when the value of the
plant is finally added to the rate base. The delay in receiving a return on investment increases utility risk,
and this further increases the cost of construction that customers ultimately pay. Many commissions address
these problems by including costs of construction work in progress (“CWIP”) in the rate base so that a return
on investment can start sooner. Capex trackers are often used in lieu of rate cases to recover the annual

return on CWIP.

The cost of replacing aging distribution and metering facilities is sometimes recovered using capex trackers
for a somewhat different set of reasons. The annual expenditure may not be as large as that for new or
repowered baseload generation, and replacements in a particular neighborhood don’t usually take several
years. However, the annual expenditure can still be sizable and, unlike new generation or customer
connections, doesn’t naturally trigger new revenue when facilities become used and useful. A tracker for the
accumulating annual cost of the new investment can help a company modernize its grid and improve its
services without frequent rate cases.

Capex trackers have varied treatments of cost. Plant addition budgets are often set in advance. Some
trackers permit conventional prudence review of cost overruns. In other cases, no adjustments are
subsequently made if cost exceeds the budget. In between these extremes are mechanisms in which
deviations, of prescribed magnitude, from budgeted amounts are shared formulaically (e.g. 50-50) between
the utility and its customers. Trackers for AMI capex may involve supplemental award/penalty mechanisms
that encourage effective use of the new metering systems.

Recent capex tracker precedents are shown in Figure 1 and Table 2. It can be seen that there are numerous
precedents. Trackers for gas utilities often focus on the cost of replacing old cast iron and bare steel mains.
Recent electric utility precedents for CWIP in rate base are shown in Table 3 and Figure 2. It can be seen
that most involve investments in generating plant.
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II. Cost Trackers and CWIP in Rate Base

Figure 1: Recent Capex Tracker Precedents by State
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Table 2: Recent Capex Tracker Precedents

I Jurisdiction Company Name Tracker Name Kligible Investments Case Relerence
‘ Frmencing costs and congwuciion sxpendrtures for Turk and{ Docket No 050521 {Hovembes
. AR SWEPCC Crenecstion Recovery Rider Stall generation plonks 2009)
Acceerded replanement of cast iron i bare fieel muns an
AR CenterPosnt Energy Aukle Muain Replacement Rider _ . servites Docket 36-161-U (October 2007
I Tonstruckon of Tx facilines hat factitate RES gods & nor| Deciston No. 56-85-024 Lune
Ch All utilites Batketop Cost Recovery Mechanism approved for recovery in T rates by the FERD 2006)
CA Panific Gaz & Elecine Balancing Accounts AMImduding sezoorated computer systeras and software Deasio 06-07-027 (July 2006)
Cornerstone Improvement Projest | Capital and CdiM expenses b ymprave the reliability of the
l Ca Pacific Gar & Electric Balanting Ancounmt elestns distiibution systen Decision 10-06-848 (June 2010}
| AM] including information technalogy, business and
( Advanced Metering Infrasiructure  Jerganizational resdfiness, field deployment, systems integrato
Ca San Diege Gas & Electic Balancing Accownt and program management and erganization Decision 07-04 643 {Apn! 2007)
Sieatn generstor repiacement for San Onolre Nudlear Decisian §6-1 1-026 (Movember
CA San Diego Gasz & Electric Swan Gensrator Replacement Project Gupsrating Stabi ons 20063
Steam generdor repl eoument for San Onofre Nudesr Deasian 15.42.040 (December
CA Southern Califorrda Edison Swean Denerator Replacement Project Censrshing Stations 2005)
RAvanced Metening [nfractructure | Frodeployment costs azsociated with the Advanced Metenng Decigion No. £6.12-026
CA Southem Californ:a Edison Balancing Atcount Infrastrucre Project {December 2066
Deployment casts assotigted with the Advanced Metering Drecision Mo. 8-69-039
CA Southem Califorsa Edisen SimantConnect Balancing Account Infrastrustre Project {September 2098)
Construction of the Vincent-Tehachap Tx fwilities that
facilitate RPS gosls & not spproved for recovery in T rabes Decision No §7-83-045 (March
CA Southern Cahifornsa Edison Backstop Cost Recovery Mechanim by the FEREC 2007
Public Service Compuny of Py ansmusmon sqvestment costs not recovered througlithe | Decker Mo 088.52CE, Decisicn
" 0 Celorado Trasmisaion Cost Adjustment compeny's base ries Mo C0%-595 {June 2008}
I Docket Mo. 68028 1-E1 {August
FlL Florida Power and Light Eavironmenital Cust Recovery Clausze Reneweble power generaticn ol sat 2008)
Dovcket No. (9800%-£1
Fi. Flovida Pawer and Light Capacity Cost Recovery Clause Muclear power plant {Movember 2698)
Docket Mo 050009-E1
FL Florida Power apd Lighe Muclear Cost Recovery Clause Construgtion of new nuclear generation {September 2008)
Docket No. 090008-EL
FL Progress Energy Florida Capadty Cost Recovey Clause Nuglear povver plant (November 2049)
. Diocket No. 080008-El
FL Progress Energy Florida Huelear Cost Recovery Clauge Nuclear gensrstion {Septemher 7003)
Renewsble power gentraion plant or purchases from such Dacket No 050073-E1
FL Progress Energy Flonds Environmental Cost Hecovery Clanss plants {September 2009)
Dockes No. 125081 (December
I CA Ammcs Energy Fipe Replacement Surcharge Replace cast ivon and bare stexl pipe 2060}
Strateq ¢ Infrastruchurs Developient Infrastructure improveroents that sustain rehabibty end Docket Mo 8516-1 (Oetaber
GA Atlenta Gag Light wnd Enhancensent Pragram operational Besibality 509}
Enwvironnental Compliance Cozt Lecket Mo, 25060-L1 {Dectmber]
GA Georgia Fower Company fecovery Cost related to environmental compliance 087
Renewabl s energy wirasiructare projects dedgned to
Ranewshie Energy Infrastuciure encourage thud party renewsble developers and mantain Docket Mo 20070416
HI Hawaitan Electic Company Program Surcharge reliabulity (December 200%)
Docket APP-96-1 (June 1997),
Docket No. TF-02-154 (APP-36-
LA MidAmericam Energy Caoper Tracking Mechunism Huclen plant addibons 1, RPAY.84.8) (May 2003)
Case Mo, 09-0167 {anoay
1L Peoples Gas Light & Coke Rider Innremental Dost Recovary Replacernent of ceat ron and bars sinsl pipe 2010}
Cauae Mo 11744 {February
bis) Duke Energy indiang Qualified Fellution Comiro] Property | lnvestment for its Hirogen Oside redustion complisnee plag 2001
Integra ed Coal Gasification Combinzg
. Cycle Geerahng Faclity Cost Doeket tdo. 43114 (November
IN Duke Energy lndisna Recovay Adjustment Integraed gesification comhined cycle generating plant 2007
Cleas Coal Operating Cost Revenue Camse Mo 42061 ECR 7(June
IN Duke Energy Indisns Adjustment Rider Qualified pollution contre] property 2006}
Indiana Gas Company 3 k 2 Veclrs] Accel eraed replacement of cast iron and hure steel maings an Ducke Mo, 43208 (Feburary
N North Distibution Refigbility Adjustoent SEIVICES 2008)

Sowthemn Intdiana Cas snd Elecwic Acceleraed replacament of cust ison mnd bare steel mains an

1N aR.a Vectren South Distribution Refishibty Adjustment services Docket Ho. 421 12 {August 28
Docket Mo 10-ATMG-133-TAR]
43 Ammoos Energy Gas Systeny Relisbility Surcharge Infrastruchure system replacements {December 200%)
Dockes No. 07-AQLGA3L-RTE
RE Black Hills Eneray (Aquila) Grae System Refiahility Succharge Infrestructire systess replacements (May 2007)
. Darket 10-KG53-155TAR
K8 F.anzas Gag Service Gas System Relisbility Surcharge Tnfrastructure sy stem replacements (December 2009)
™ Tacket 05 - DWE-122-TAR
K8 Midwest Energy Gias System Reliabality Surcharge tafrestructure syster replacements (May 2608}
Docket Yo, 65 WSEE-381-RTS
K3 Westar Energy In¢ Environmental Cost Retovery Rider Equipment directly tied to enviramental smprovement (Ogtober 20053
Fepiacement of bare steel service Lines, curh valves, meter Docket No 2009-08354 (HMay
XY Alrnas Energy Pipe Renlacement Frogram Rider loops, and mandaed relocdes 2018}
Aeceleraed replucement of ¢ast iwon and bare steel mans ans Docket Mo 7008.00141
EY clumbia Gas Advaneed Main Replacerent Rider SEOTISNs . (Geptenahier 2509)
Arctlerand repiacement of bare steel pipe, service lings, Tt Mo, 2010-001 16 (Cetober
KY Delt Natural Gas Pipe Replacarnent Program Surcharge velves, nieter foops, snd mandated pipe relocations 2018)
Envirnmental Cost Recovery TDocket Mo, 2002-6016% {March
KY Kentacky Powoer Suvcharge Poliution controf facilitics 2003)
Union iiﬁ:t. Heat and Powsr (Dulse ACcalerden repLacement o1 £ast iran md hace ateel mans angDocke No 200 0092 (Janary|
KY Energy Kenbatky) Advanced Main Replacemant Rider JeViceR 2003
Paveer plants. Atadisna load pocke? trensmission,
Infrastructure ad Incremental Costs environmental control facilities, other projects ta be
LA Clece Power Recovery detenmined Doclet U-3368% (Qoraber 2010)
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Table 2 (continued)
Jurisdiction Company Name ___Tracker Name Eligible Investments Case Reference
T geded Infrastructury Recovery Tncreniental repl acenaert abows fest yoar expenditures of
M A Bay State Ost .. Fagtor unprotected steel mains and gervicts DFL §9-30
Natinnal Grd {Boeten Eisex vian Tagsted Infrastmciure Recovary | Replacenest ofbare steel, cast won, and wrought 1ron maine
Ma und Colotid O Faetor seryices, imefers, metes instaltaions, wnd hovse zegulatory DPY 13:55
Netiondl Und (Massachoseits Dreinbibion capiiad Investment including customer addiltons
MA Fiectric & Nanbicket Electne) Net CupEx Adustment and reliabakity projects DPY 99-39
Nationd Gnid (Massachuselts Smast Grid Distbution Adjustment
MA Electric & MNantacket Eledinic) Fagtor Smart gnd pilot program DR 09.32
MA N3TAR MA Srnart gnd piot yam DPU.08. 3%
Notthern Sistes Power (Nedd Trwastmumls mads ta comply with the Mercuty Enussiens Dociet Ho. M-09.347
MHN Enezgy) Marsary Cost Recovary Rider Reduttion Act of 2006 (Hovember 2009}
Docket No. 2007-235(D)
ME Cantral Maine Power HA AN {Feburary 2018}
Mains, valves, service lmes, regnlsbor stations, vaulte, other
pipehine components that have worm out, need upgrading dus
[nfy sstructure System Replacement 10 satety requirements or were relocated due to putlic Docket Mo GQ-2087-G04d
MO Atmos Enerey Sur:har&e construction works {Cretaber 20032
Maing, valves, sermce lines, ragulator stations, vavlts, othe
pipsiing coxapon eats that have warn out, need upgrading dog
Infrastractore System Repiacernent b safety requirements or wer relacated due fo public Docket No. GR-2607-0208 {Juiy
MO Latisde Grag Smf.harie construchon works 2007
Tnfrastructurs System Heplacement Docket Mo, GR-2089-£358
MO Mussoun Gas Energy Swrcharge Wanaral ger line replacementy aud rdocations {Febutary 2016)
Erwcoinenta Compriance Coerview | Enviropmental squipments and Taciithes af verious generatiod Docket No. 32.UA-G058 and §2-
M3 Missisaipp Fower Plan Rate piants UN-0658 (July 1392)
Docket No. EO89010047 &nd
NJ A atic City Electnc !g_s&mcm:e Invsgtment Surcharge | Investmentsto roplace, reinforce and expand infrastructure GO05010058 (Apal 2009}
Docket No. GO0S010053 (Apnl
HI Etizsbethiown Gas Cost Recovery Rader Proj ects 1o enhance relisbility mnd reanforce infrasruciure 2009
Replate bare steel mans, reinforce disinbuiion system & ] Docket No. TON9010052 and
Ni Netw Jersey Natural Oas Acoelerated lnfrasructure Projects transmigsof maEns GROTI 10889 {Apal 2609)
: Capital Infrastructore Investanent Electrit rliability upgrades & feeder replscement, Gas: | Ducket No. GOGS012050 {Apnl
NJ Public Service Electnc and Cazg Program replacement of cast iron & bare steel mains and services 2009)
Golar genersnion conatruction incluting small distributed sol4 Dacket Ne, EC09028125
HJ Public Service Elettric and Gas Solar Generstion Investment Pregram systems on power poles (hougust 20C8) ]
Bare staet replasement, expand key disibution mans for § Docked Hlo 003010051 {Apnil
NJ South Jerzey Gas Capital Investment Recovery Travker seliabitity 2009
NY {Consalidated Edison Monthly Adjushnent Clause AMIL SCADA, undergroending Caze 03 -E-0310 (Qciober 2010}
Capital addiions & propely taxes that are incremental to the Docket Mo £8-G-1137 (March
NY Coming Natural Gas Delivery Rate Adjustment anounts includsed it the Rate Yeur rates 2098
Keyspan Energy Delivery New York's sd Long Isfand's
National Gnd NY {fortnerty differences between acmal construchion expondifires reguars
Brooklyn Union Gas sad Leng by the City or State and the projected levels set {forth m the Docket No. 06-M-0578
NY Island Lighting) Cagited Tracker Jount Proposal (September 2607)
BG2i-EL-ATA, §9-0622-EL.
AEM, end §%-0023-EL-AAM
OH Clevelund Electize Huminang Delivery Service Inprovement Rider Dighibution relishility enhancements March 2065
Case Ha, 67-551-EL-AIR, 04
1420 -EL-ATA. and i(-J83-EL-
OH Cleveland Electne Huminaing Rider AMI Ohio Site Daployment Filot (3 year AMI pilot) SE0
Uistribubion, sublrenstoistion, geners), and intangible plant]  Case Mo 10-388-EL-S80
OH Cleveland Elecine Buminaing Delsvery Capital Racovery Rider notincluded in most recent rate case (led in 26087y (Angust 26103
Caze No. 03-0072-GA-AIR, 08-
GO73-GA-ALT, 68-0074-0A-
Replacement of cast iron snd bare steel voaims & services, AAM, and 08-0075-GA-AAM
Infrastracture Replaceraent Program | ceplace Faalry cogdmner-cwned services, install AMI over 5§ (December 2008}, Case Ne. 03-
OH Columbiz Gas of Ohie Rider Tears 1036 -CA-RDR (Apnil 2010}
tnsral} smart grd including AMI Dusmbution Amomalion
(DAY that altows the denti fcation and 130l anon of Casdted | Case Mo 02-917-EL-550 and 08
OH Colurabus Southern Power GndSMART Rider (Phase [Y distbuton fines & Home Area Network (HAN) 513-EL-380 {March 2609)
Case Yo, 05-776-EL- AR
OH Dayton Power and Light Environmental nvestment Rider Ensieonmental plant addinons {December 2065)
East Ohio Gas dfkfa Demmaon, Bast]  Bipebne Infrastructure Replacement Cage Ho. §9-452-GA-RDR
QOH hio Rider Ppelines & fanlty disers replacements _{December 2009)
Case No. 07-0829-GA-AlR, 07-
0830.GA-ALT, E7-0531-CA-
AAM, 05-016%-GA-ALT, and 06
F453GA-UNC {October 2008),
Caze No. 09.33.G4-UNC (May
East Ohio Gas d/biz Dominion East 2869, Caze No. 09-1375-GA-
OH Chio Automated Meter Reading Charge tnstallstion of automated roeter reading technology RDR {May 2018)
Case Mo, 01-1222-0A-AlR, and
01-1478-GA-ALT, z0d 01.1539-
GA-AAM (May 2002), 07-6585-
Accelerged Man Replacement Replacement ofbare steel mnd cast iren majns and sepvices, | GA-AIR 67-0590.0A-ALT 07-
OH [uks Energy Ohin Program Rider laer exrenided 10 cuskomer rasers 0551 -GA-AAM (May 2008)
Case Mo. 970539 CA-AIR 07
0598-GA-ALT 07-0591.GA.
OH Duke Energy Chio Advansed Uity Rider AML AAM {May 2008)
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Table 2 (continued)

Jurisdiction  Company Name Tracker Name Eligible Investments Case Reference
Cage Mo 05-920-EL-5S0 and 05]
921-EL-AAM and §2-922-E1
Infrastoucture Modemization UNC and 03.923-EL.-ATA
OH Druke Frergy Chic Listdbution Rider AML (Deczmber 2008)

{aze Ne. 08-0935-EL-580, 9.
0021 FL-ATA, 09.0022.-Fl-
AEM, and 09-1023.EL-AAM

CH Chio Edison Deefivery Surwice Improvement Rider [istribution reliability enhmerment {March 2089)

Case Nao, 07-551 -EL-AIR, 09-

1820-EL-ATA, and 10-383-EL-

=131 Ohio Edison Rider AMI Chio Site Deployment Rlet (3 year AMI pilot} 880

Distribution, ublransmisson, generd, and intungible plant age No. 10-388-EL-880

OH Ohio Edison Delivery Captal Recovery Rider astincluded in moss recent rate case (Hled in 2007} {August 2010)
Install smart grid including AM, Distnbulion Aubomation |Case No. 08 93 -EL-SS0 and 0
[wl;] Ohie Power OndSMART fuder (Phase 1) (DAY & Home Avea Hetwark (HAR) 9{8.EL-930 (March 2069}

Gage Ho. 08-0935-EL-SS0, §9-
fn2t-EL-ATa, 89-8022-EL-
AEM, end 09-0923-EL-AAM

OH Toledo Edison Delivery Sevvice Improvement Rider Distrivution relisbility enhancement (March 2009}

Cage No. 07.551-EL-AlR, 05.

1320-EL-ATA. end 19-338-EL-

OH Toledo Edison Rider AMI CQhio Site Deplogment Pilot {3 year AMI pilo) S350

Drstribution, subtransmission, general, end intangible plant|  Case No 12-338-EL-SSO
Ok Toledo Edison Delivery Capital Recovery Rider notinchded in most recent rate ease (filed in 2007 {Angust 2810}

Docket Mo 07-1981-GA-ALT,
07 650-CA-ATR and 88-0632-

OH Vectren Energy Deivey Distnbution Replacement Rider Replacemers of castiron and bare steel mg&ns and servises GA-AAM (anvary 2069)
Canse No. 261000029 (July
Q¥ ilahoma Cras & Eledric Smart Gnd Reder Systernwade amart ghid implementation 2010}
Cause o, 20036337, Order No.
OF Qklahoms Gas & Electne Systets Hardening Recavary Reder Undersyannding wd siber circnd havdening capax 567670 (May 200%)
Caust No 20090016%, Order No.
QK 1O0kishoms Car & Electiic QU Spirit Rider Construction of the QU Spirit Wind Famm 11758 (Cotober 20053 |
Docket No UG 177 UM 1773,
QR Northwest Naturd G Bure steel yeplacement program Repl acement of bave steel Ordar Hn 7420 {Oetober 2007
Docket Me. UG 152, Ordar Mo,
OR Honhwest Hatord Gay HA Egpanston o dishibution systam intu Ceos Counly $3-236 (April 20033
Tnstall ation of AM 1 Phase 11, prewiously subject 1o meter | Docket UM 1413, Order 85-105
OR Northwest Naturd Gas Na reading agreesnent with Portland General Electne {March 200%)
Dockea UE 189, Ginder No. 08+
OR Portland General Elecisic HA installanon of ABL 24% (May 3003}

Doclket Ho. M-00{31 715 FO6O3
Al interconnection equipment for renewshle generation | (Auvgust 2006); Previowsly R-
PA FPL Elentrc Unlihes Euvecgy Developaent Rider reqources nf 10 KW orlmes 00973954 {May 14, 1992)

Predeployment and subzequent deployment costs assaciated] Docket Mo #M.2009.21239435
PA PPL Elactrin Unlities Act 129 Comphance Reder with the Advanced Metermg Infrastrnchure Prosect Qaxewy 2016

Predeplayment and rabseguent deplopment costs msotiated] Dovket No. M-2008-2823944
Pa PECO Smart Meter Cogt Recovery Rider with the Advenced Metenng Infrastruchure Project {Apnl 26100

Predeplopment snd subiequent deplopment costs asaot:ieud]l Docket M-2009-2123956 {April
PA Metropelitan Edison Smart Meters Technalomies Charge with the Advanced Metenng lufrestructure Project 2019)

Predeployment and subsequent deployrrent costs assveiated] Docket M. Z008.2123950 {April

PA Pennoylvania Electne Snars Meters Technologies Charge with the Aduanced Metanng Infrastrociure Project 2030)
Predeployenent and subsequent deployiment costs associated] Docket M-2009-2123950 (April
PA, Penssyivanis Power Smart Metars Technologins Charge with the A dvarced Metening Infrastonstuee Project 2010
Predeployment and subsequent deployment costs associated Drocket Mo. M- 2009-2123542
PA Prugneone Light Srart Meter Charge Rider with the Advanced Meteting Infrastructure Project {April 2010)
TX AEP Teras Centrsl Advanced Metenng System Surcharge AM]and asgociated soBware Docker Mo. 36928
TX ABP Texas Hntth Advanced Metening Syatam Surcharge AMIand sisociated sofhware Dockat Ho 36923
T3 Cenlerpaint Energy Hongton Elechi] Advanced Metering System Surcharge AM] and aszoriated so fware Docket Ho. 35626 {Angust 2003
™= [Oneor Electne Dalivery Advansed Metering Systen Surchargd AMI and aesociated po Brvare Docket Mo. 35718 (August 2008)
ur Questar Gar Infrastruciure Rae Adjustment Trackey Replacement of aging hign-p:muu- feeder iites Drocket 09-057-16 (Jone 2910)
Enviropmental & Rebabihty Cest Errcket ho. PUE. 200700069
VA Appd srhusn Fower Recovery Surcharge Environments) & refiatluny eelated ncremental costs {December 2007)
Costr incures 1 constouchon of Bea Garden Generaling Case Mo, PUE. 200%-00017
VA ‘Virginia Electric Power Rider R Stating and related wransmission ling - {March 2018)
Todth TnOITFEG M ConArachok Bl Virgans iy Hyond Farcgl  Case Mo PUE-2067.00066
Va Virgnia Bleeme Fower Rider § Center (i axch 2008
dmant gud implementation inchuding hardware, softwarg, twoy
vT Central Vermont Public Service Wew Initiatives Adder way Lommunicaivns systems Dockers 7584 and 7612
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Table 3;: CWIP in Rate Base: Recent Retail Precedents
Jurisdiction Company Year Approved Type of Project Reference
Colorado Fublic Service of Colorado 2008 Transrmission. generétion Docket Mo, 06S.234EG
Colorado Legislation 2607 Trangmussion Senate Bill 07-100
Florida Rulemalang 2007 Nuclesr and [GCC generation Dacket (BH508-EL
Florida Fionda Power & Light 008 Nuclaszr generation Docket 080850-£L
Florias Proaress Energy Flonda 2008 Nuclear generalion Docket 080148-El
GeorgEa Georgia Power 2009 Muclear generation Dacket 27300
indiana Geaneral Policy Pollution Control Equipment
indiana Duke Energy Indiang 2007 1GCC generaton Docket No. 43114
Kansas L.agislancn 2008 Nuclear generation Senate BiH 586
Louisiana Rulemaling 2007 Nuclear generabon chet R.26712
Louisiang Cleco Power 2008 enetabion faocket L-2B765
Maryland General Policy Emvironimiental projects
Michigan Legsiation 2008 Sugnificant capal projects House Bilt 552
Minnesota Norharm States Power- MN 2003 Foliution contrl
Mississippi MissiSsipp Power 210 1GOT generation Docket 2008-UA-14
New Mexico Lagislanon 2009 All Senate Bill 477
North Carelina Duke Energy Carotinas 2008 Gengration Docket No. E.7, Sub 909
Nonp Carofina Lagislation 2007 eneration Senate Bil 3
North Dakota Legislation 207 Zi?miﬁ‘f& ?fﬁ;?a'znfﬁﬁil Sendts il 2031 & Houss Bill 1221
Okiahorna Legislaion 2005 Environmental, Fansmisson House Bl 1916
South Caroling South Carglina Blectnc & Gas 2003 Graner ation Docket Mo 2002.221.E
South Carofina Soulh Camling Elactac & Gas 2009 Nuclaar generation Docket 2009.211-E
South Dakota Legislation 2006/2007 l:j;;‘g%"ﬂ"- eTrronmental complance
Texas Rulermaking 2005 All Trarisrmssion within 8R COT {conddional) Proect 28834
—— . "
Virginia Legisiaien 2007 g:;:ﬁg;ﬁg‘? if?r;’éf: !;‘::;TGWEU%. " Senate Bil 1416
Virginia virginia Elecne Powar 0408 New generation using Virginia coal PUE-2007-D0088
West Virgima Appaiachian Power 2006 réi:gn;;s:;c;;{i:::virmmenmt comphance. Case No. 051778 E-PC-PW.42T
West Virgma Monongahala Powvear 2007 Environmenial compliance Case No. 05-0750-E-PC
Wisconsm Wiseonsin Public Senacs 200 Nuclear gensration, ransmssion Docket BHULLIR. 112
wisconsin Wisconsin Public Service 2005 Generalivn Dockat 6630. UR- 117
Wisconsm Ganeral Policy Diverse oparalions
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Figure 2: Recent Electric Precedents for CWIP in Rate Base
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lIl. Multiyear Rate and Revenue Caps

Multiyear rate and revenue caps are performance-based ratemaking (“PBR”) mechanisms that limit the true
up of revenue to a utility’s own cost for several years. The length of such plans is typically three to five
years, but plans as long as ten years have been approved. Most multiyear rate plans feature an attrition relief
mechanism that provides automatic rate relief for changing business conditions between rate cases. These
can be designed to provide funds needed for plant additions. The rate adjustments provided by attrition relief
mechanisms are largely “external” in the sense that they give a utility an allowance for cost growth rather
than reimbursement for its actual cost growth. This can strengthen incentives to contain cost growth.
Benefits of the performance improvements that are stimulated by the plan can be shared with customers.

Attrition relief mechanisms may cap the growth in allowed rates or revenue. Rate caps limit the escalation in
rates (e.g. customer charges and cents per unit of service). They are favored where utilities are encouraged
to bolster system use because rate caps strengthen incentives for sales growth and facilitate marketing
flexibility. Revenue caps limit the escalation in allowed revenues (the escalation in rates then depending,

additionally, on the growth in billing determinants). They are often favored in service territories with large-
scale DSM programs. Revenue caps are usually combined with decoupling true ups, as discussed further

below.

Multiyear rate and revenue caps commonly allow supplemental rate adjustments for changes in external
business conditions that were especially difficult to anticipate at the time that the plan was fashioned. These
include changes in tax rates and other government policies (e.g. conductor undergrounding requirements)
that affect costs. Some multiyear rate and revenue caps feature earnings sharing mechanisms that
automatically share earnings surpluses and/or deficits that result when the rate of return on equity (“ROE”)
deviates from its regulated target. Plans also sometimes feature award and/or penalty mechanisms that are

linked to service quality.

Current U.S. and Canadian precedents for multiyear rate caps that do not involve rate freezes are indicated in
Table 4 and Figure 3. Precedents for multiyear revenue caps are discussed in the revenue decoupling section
below. Multiyear rate and revenue caps are more common for energy distributors than for vertically
integrated electric utilities. This is due in part to the tendency of distribution cost to grow at a comparatively
steady and predictable pace. This makes it easier to identify a fair attrition relief mechanism if accelerated
programs of replacement investment aren’t planned. The popularity of rate and revenue caps for power
distributors also reflects the fact that they rarely experience today the combination of declining rate base and
growth in average use that might permit them to operate for several years without rate escalation. Canada is
moving towards multiyear rate caps for all power distributors in the two provinces that have retail
competition. Rate and revenue caps are the rule rather than the exception for power distributors overseas.
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Table 4: Multiyear Price Cap Precedents
Services
Jurisdiction Company Name Plan Term Covered Attrition Relief Mechanism Case Reference
Current
Tndexing: Rates escalated by Global Insight forecast of CPL less 0.5%
Bunded power |productivity factor; major plant addifions can be requested in annual Decision 10-09-010:
CA PaciliCorp 2011-2013 gervice filings. September 2, 2010
Indexing: Rutes escalated by Global Insight forecast of CPL less 0.5%
Bund ed power {productivity factor; major plant additions can be requested in annual
CA Sierra Pucific Power 2009-2011 service filings. Decision 09-10-041
Sfairstep: Rafe mcreases permitted for DSM and the lesser of te actual
Bundled power [plant expenditure for generating facilities or the approved capital
GA Georgia Power 2011-2014 service expendihire by the Commission Docket 31958
MA Berkshire Gas 2002-2011 Ghas distribution | No acjustment untif September 2004, then Indexing: GDPPL - 196 Docket D.T.E 81-56
Power
MA Nstar 2006-2012 distribution {Indexing: GDPPL. X. X increases from 0.50% to 0.759% during plan. Docket D.TE, 05-85
2000-2009, extended Indexing: First 5 years: GDPPI Docket 970795 (June
ME Bangor Gas to 2012 Gas Distribntion|Next 5 vears GDPPL-(.5% 26, 1998)
Central Maine Power
ME Power (TID 2009-2013 digtribution |Indexing: GDPPI - 1%, separate AMI hracker Docket 2007215
Stairstep: Negotiated rate increases for base generation charges on
Cincinnati Gas & Power January 2009 and fanuary 2010 for all generation customers, in January
OH Elechic 2009-2011 generation |2011 rate tncreage only for nonresidentisl customers, Case 08-920-EL-830
Power
Alberta Enmux 2007-2013 dstribution  |Index: Input Price Index -1.2% Decision 2009035
EB-2007-0673 (July
14, 2008, September
All Ontario Power Tndexing: GDP IPI for Final Domestic Demand - (0.92% to 1.32% 17, 2008, and January
Ontario distributors 2010-2013 distribution  }depending on company's annual performance in benchmarking studies) 28, 2009)
Historical
Tndexing: Rates escalated by Input Price Index - X, where X=1.5%
through 1997 and 1.4% through 1999, and input price index is cost-
1994-1997, extended | Bundied power weighted index of DRI-forecasted capital, fael, materials, and labor price | Decision 93-12-106;
CA Pacifi Corp to 1999 service  lindexes, December 3, 1993
ndexing: Rates escalated by Global Insight forecast of CPL, less 0.5%
2007-2009, extended | Bundied power |productivity factor; major capitel additions {over $30 million) can be Decisions 06-12-011
CA PacifiCorp to 2010 service requested in annual filings, and 09-084-017
Tdexing CGas & Electric separate. Attrition factor is Input Price Index -
San Diego Gas and X. Input price index composed of DRI-forecasted labor. non-laber, and | Decision 99-05-030;
CA Flechic 19992002 Flectric & Gas |capital price subindexes. X factor Increases during plan, May 13, 1999
Southern Catifomia Indexing: Growth in rates is CPI - X, X increases from 12%to 1.6% Decision 96-09-092;
CA Edison 19972002 Flectric during plan September 6, 1996
Power
T United Hluminating 2006-2009 Distribution  [Stairstep Docket 05-06-04
MA Bay State Gas 20062009 Gas dstribution {Indexing GDPPI - 0.51% Docket DTE 05-27
Docket D.P.U. 96-50-
C (Phase I} May 16,
MA Boston Gas (1) 1997-2001 Cins distribution Indexing: CGDPPI - 0.5% 1997
MA Boston Gas {(II) 2004-2010 Gas distribution {Indexing: GDPPI - 0.41% Docket DTE 0340
November 1,2004 -
MA Blackstone Gas October 31, 2009 | Gas distribution {Indexing Docket D.T.E. 04-79
Power Rate Preeze between 2000 and 2005, Inflation: 2006-2010, inflation Docket DTE 99-47
MA Nutional Grid 2000-2010 dstribution  |adjustrnent made based on index of reﬁional power distribution charges. | (November 29, 1999
Bangor Hydro Power Docket 97-116
ME Fleclric {I} 1998-2000 distribubion |Indexing: GDPPI- 1.2% {March 24, 1998)
Ceniral Maine Bunded power [Indexing: 1995 GDPYI - 0.5% ; for 1996 GDPPI - 1.0%, for 1997-99: (1- | Docket 92-345 Phase
ME Power (1) 1995-1999 service non-inflation driven costs) *{(GDPPL-1%) I (January 10, 1995)
Central Maine Power Docket 99-666
ME Power (I 2001 -2007 distribution  {Indexing: GDPPI-X, X increases from 2% fo 2.9% during plan. (November 16, 2000)
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I Table 4 (continued)
Historical
Services
Jurisdiction Company Name Plan Term Covered Attrition Relief Mechanlsm Case Reference
‘ Case 90-G-0981,
October §, 1991 ~ Stairstep: Rafe year 1 increase in rafes of $35.7 miilion, moreases for rate Opinion 91-21,
NY Brooklyn Union Gas] September 30,1994 | Gag distribution [yesrs 2 and 3 to be based upon a forecast that parties agree fo, October 9, 1991
Case 93-G-0941,
October 1, 1994 » Stairstep: No rate increase in yoar 1, Rates for years 2 and 3 based on a Opindon 94-22,
NY Brooklyn Union Gasl September 30,1997 | (as distribution {formula and limited to the rate of inflation October 18, 1994
Stairstep: Elechric rate increases o1 $41.5, $6.9, and $5.5 mililon for rate
vears 1, 2, and 3 respectively. Gasrate increases of $8.003 million for Case 05-E-0934 &
Ceniral Hudson Gas|July 1, 20606 - June 30, rate year 1, $6.057 milfion for rate year 2, and no gas rate increase for rate] Case 05-G-0935; July
NY & Elechic 2009 Electric & Gas [year 3 approved 24, 2006
Hybrict Rate year 1 increase of $7,735,000. Rate years 2 and 3 projected
N sate increases are $20.4 million and $21.7 million, subject o a cap defined  Case 93-0-0996,
I October 1, 1994 - a5 the lesser of the latest GDP deflator forecast + 1% + incentives or Opinion 94-21,
NY Consolidated Edison] September 30, 1997 | Gas Distribution(4.8%. Any expenses uarecovered due to cap deferred for later recovery. Qctober 12,1994
April 1,2005 - March Power Case 04-E-0572,
NY Consolidated Edison] 31, 2008 distribution  |Stairstep March 24, 2005
Case 93-G-0002,
Long Island Lighting December 1, 1993- Stairstep: Revenue increases of $25.6 million in rate year 1, $23 miflionin  Opinion 93-23,
I NY Compeny November 30, 1996 | ¢Jas distribution [rute year 2. and 320 million in rate year3 December 23, 1903
Case 92-(3-1086,
New Yark State | December 1, 1993 - Stairstep: Gias revenues increase by $7.6 million in rate year 1. 87 miliion Opinon 93-22,
NY Hlectric & Gas August 31, 1995 {ag in rate yeusr 2, and $7.2 million in rate year 3. November 9, 1993
August 1, 1995 - July '
31,1998, Years 2 and Case 94-M-0349,
‘ New York State {3 not implemented dug . Stairstep: Rate increases of $45.1 mitlion, $45.3 miltion, and $43.5 millied  Opinion 95-27,
NY Electric & Gas to restructuring Electric approved for rate years 1, 2, and 3, respectively. Septemaber 27, 1995
July 1, 1990 - Stairstep: Revenue increases of $27.2 million. $0, and $5.5 million for Case 20327, Opinion
NY Niagara Mohawk | December 31, 1992 Ctas Rate Years 1, 2, and 3, respectively. 89-37, June 28, 1991
Stairstep: Fisst year rete increase of $9.25 million, Second rate year
inerease of $7.375 million, Thirdyear rate increase of $5.00 million; rate
increases for second and third rate year can be supplemented by a total of
' Orange & Rockland} November 1, 2003- $1.9 million for verified system safely and reliability improvements Case 02-G-1553,
NY Utilities October 31, 2086 Gas incurred during the first and second rate years Qctober 23,2003
I Orange & Roddand] November 1, 2006 - Stairstep: First year rate increase of $6.5 million, Second rate yedr Case 05-G~1494,
NY Utilities Qctoher 31, 2009 Chag increase of $6.5 million, Third year rate increase of §1.8 million October 20, 2006
Case 92-C-0741,
Rochester Gas & {July 1, 1993 « June 39, Stairstep: Rate increases of $2.6 million, 34.4 million, and $4.3 million, | Opinion No. $3-19;
l NY Electric 1996 a8 respectively for rate vears 1, 2, and 3. August 24, 1993
Columbus Southern Power Stairstep: 3% rate increase per year for Columbus Southern, 7% rate Cuse No. 04-169-EL-
OH Power, Ohio Power 2006-2008 Greneration  |increase per vear for Ohio Power YUNC (January 20035}
Blackstone Valley
l Electric, Montaup Power
RI Electric 1997-1998 Distribafion  |Indexing CPI Docket 2514
MNarragansett Power House Bill 8124,
RI Electric 1997-1998 Distribution _|Indexing: CPI Substitute B3
Northwestem Bundled power |Stairstep: fixed price increases of 0.5% (1999), 1% (2000, 2001), 2% Decigion 1198050
I Albetda Utilities 1999-2002 service (2002) (March 31, 1998)
2002-2005, Indexing: Rate Increase of 85% of Input Price Index; Input Price Index Distribution Tariff
Terminated Power constructed of 48%% CPI, 5296 5-year ralling average Industrial Product Bylaw 12367 (Augu
Alberta EPCCOR 123172003 distribution  {Price Index 18, 2000)
All Ontario Power
Ontario distributors 20002003 distibution |Indexing Input Price Index -1.3% RP-1999-0034
All Ontario Power EB-20056-0089
Ontario Distributors 2006-2009 Distribution Indexing: GDP IPL for finol domestic demand - 1% {December 20, 2006}
RP-1999-0017 (July
l Ontario Union Gas 2601-2003 Gas distibution [Indexing: GDP IPI -2.5% 21, 2001)
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I11. Multiyear Rate and Revenue Caps

Figure 3: Recent Electric Rate Cap Precedents by State
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V. Revenue Decoupling

The term revenue decoupling refers to a group of regulatory provisions designed to facilitate recovery of
allowed base rate (fixed cost) revenue and so weaken the link between a utility’s revenue and the volume of
its services. This reduces the utility’s disincentive to promote energy efficiency and can alleviate the
financial stress caused by stagnant or declining average use. Energy efficiency programs can yield
substantial cost savings for customers. Three approaches to decoupling are well established: decoupling true
up plans, lost revenue adjustment mechanisms (“LRAMSs”), and fixed variable pricing.

A. Decoupling True Up Plans

Decoupling true up plans are designed to help a utility’s actual revenue track the revenue allowed by
regulators. Most decoupling true up plans have two basic components: a revenue decoupling mechanism
(“RDM™) and a revenue adjustment mechanism (“RAM™). A typical RDM tracks variances between actual
and allowed revenue and makes periodic true ups. Utilities are compensated for any net decline in average
use and denied the benefit from any net growth in average use.

True ups may be made annually or more frequently. More frequent adjustments cause actual and allowed
revenue to match up better in a given year so that rates fluctuate less from year to year. The size of the true
up that is allowed in a given year is sometimes capped. A “soft” cap permits utilities to defer for later
recovery any account balances that cannot be recovered immediately.

RDM:s vary in the scope of utility services to which they apply. Quite commonly, only revenues from
residential and smaller business customers are decoupled. These customers account for an especially high
share of the base rate revenue of energy distributors and are usually the primary targets of DSM programs.
RDMs also vary in terms of the service classes for which revenues are pooled for true up purposes. In some
plans, all service classes are placed in the same “basket”. In others, multiple baskets are created to insulate
customers of services in each basket from trends in the demands for services in other baskets.

Some RDMs are “partial” in the sense that they exclude from decoupling the revenue impact of certain kinds
of demand fluctuations. For example, true ups are sometimes allowed only for the difference between
weather normalized revenue and allowed revenue. An RDM that instead accounts for all sources of demand

variance is called a “full” decoupling mechanism.

The RAM component of a decoupling true up plan is an attrition relief mechanism that escalates allowed
revenue between rate cases. Some RAMs are “broad-based” in the sense that they provide enough revenue
growth to compensate the utility for several kinds of cost pressures and thereby make it possible to reduce
rate case frequency. A broad-based RAM provides the basis for a multiyear revenue cap. When RAMs are
not broad-based, utilities usually retain the right to file rate cases during the decoupling plan and frequently

do file.
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Several approaches to RAM design have been established. These approaches include stairsteps, indexing,
hybrids, and revenue per customer freezes. Stairsteps provide predetermined increases in allowed revenue
which often reflect forecasts of cost growth. Indexing escalates allowed revenue for inflation and frequently
also for customer growth. In North America, hybrid RAMs typically involve indexes for O&M expenses and
stairsteps for capital costs. Revenue per customer freezes escalate the revenue requirement only for customer
growth. All but the last of these approaches is broad-based and provides the basis for a multiyear revenue

cap.

States that have tried gas and electric decoupling true up plans are indicated on the maps in Figures 4a and
4b, respectively. Decoupling true up plan precedents in the United States, Australia, and Canada are
detailed in Table 5. It can be seen that there are more plans for gas utilities than for electric utilities. This
reflects the more pervasive character of the declining average use problem facing gas distributors. However,
decoupling true up plans have become common for electric utilities that experience some decline in average
use due to large DSM programs. Note also that most RAMs for electric utilities are broad-based, whereas
most RAM s for gas utilities are revenue per customer freezes. Gas distributors are presumably more willing
to settle for an undercompensatory RAM in return for relief from declining average use.

B. Lost Revenue Adjustment Mechanisms

An LRAM explicitly compensates a utility for base rate revenues that are estimated to be lost due to its DSM
programs. Compensation for lost margins is usually effected through a rate rider. Estimates of energy (and
sometimes also peak load) savings are needed for LRAM calculations. The utility remains at risk for
fluctuations in volumes and peak load due to weather, local economic activity, power market prices, and

other volatile demand drivers.

Compensation is not confined to declines in average use, as it is under decoupling true up plans. This is
desirable because a DSM program that causes billing determinants to grow more slowly than cost increases
the need for frequent rate cases even if average use does not decline. Overearning is still unlikely under

typical operating conditions.

Precedents for LRAM:s are detailed in Table 6 and Figure 5. It can be seen that LRAMs are less widely used
than decoupling true up plans today. However, they have experienced a rebound recently due to their use in
Duke Energy’s “Save a Wait” approach to DSM regulation ongoing in several states.
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Figure 4a: Electric Decoupling True Up Plans by State

.
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Table 5: Decoupling True Up Pian Precedents
Jurisdiction Company Name Sarvices Plan Yoars Rovenue Adjustm ont Mechanlsm Cave Reference
Current
Canada
BC Terasen Gas Gas 2010-2011 Hybrid Order G-141-09
BC Pacific Northern Gas Gas 2003-open RPC Freeze N/A
ON Enbridge Gas Distribution Gas 2008-2012 Inflation Indexing Docket EB-2007-0615
ON Union Gas Cing 1008-2012 Tuflation Indexing Docket ER-2007-0606
QU ez Metro Gas 2007-2012 Inflation Indexing R-3599-2006
United States
AR CenterPoint Energy (as 2008-2010 RPC Freeze Docket 06-161-U
AR Atkansas Oklahoma Gas Gas 2007-2011 RPC Preeze Docket 07-026-U
AR Aikanzas Western Gas 2007-2010 RPC Freeze Docket 06-124-U
CA Southwest Gas Gas 2009-2013 Stairstep Decision 08-11-048
CA Southemn California Edison Electric 20092011 Stuirstep Decision: 09-03-023
CA Southem California Gas Gas 2008-2011 Stairstep Decigion 08-07-046
CA San Diego Gas & Electric Eleciric & Gas 2008-2011 Stairstep Decision 08-07-046
Public Service Company of
Cco Colorado Gas 2008-2011 RPC Preeze Decigion C07-0568
CT United Hluminating Electric 2009-2010 Stairstep Docket No, 08-07-04
318 Potomac Electric Power Eleciric 2010-open RPC Freeze Order 15556
HI Hewaiian Electric Company Bundled Power  2010-2011 Hybrid Docket No. 20080274
m Hawaiian Electric Light Company ~ Bundled Power 2010-2011 Hybrid Docket No. 2008-8274
HI Mani Electric Company Bundled Power 20102011 Hybrid Docket No. 2008-0273
ID Idsho Power Electric 2010~2012 RPC Freeze Cage No, IPC-E-09-28
iL North Shore Gas Gug 2008-2012 RPC Frecze Case 07-0241
1L Peoples Gas Light & Coke Gas 2008-2012 RPC Freeze Case D7-D242
IN Vectren Energy Gas 200F-0pen RPC Freeze Cauge No. 43046
N Veciren Southermn Indiana Gas 2007-open RPC Freeze Cruse No. 43046
N Citizens Gas Gas 2007-2011 RPC Freeze Caase No. 42767
MA Western Magsachusetts Electric Electric 2011-open No RAM DPU 18-70
MA Massachusetts Electric Electric 2010-open No RaM PP 09-39
Ma Bay State Gas Gas 200%-open No RaM DPu 09-30
MA Boston-Essex Gas Gas 2010-open No RAM DPU 10-58
MA Colonial Gas Cias 2010-opes NoRAM DPU 10-55
MD Baltimore Gas & Electric Electric 2008-open RPC Freeze Letter Orders ML 188069, 108061
MD Delmarva Power & Light Electric 2007-0open RPC Freeze Order No, 31518
MD Pototnac Electric Power Electric 2007-open RPC Freeze Order No, 81517
MD Chesapeake Utilities Gas 2006-0pen RPC Freeze Order No, 81054
MD Washington Gas Light Cias 2005-open RPC Freeze Order No. 80130
MD Baltimore Gas & Electric Cias 1998-0pen RPC Freeze Case No. 8780
MI Detroif Edison Electric 2010-2011 RPBC Freeze Clase No. U-15768
MI Michigan Consolidsted Gas Gag 2010-2011 RPC Freeze Case No. 1715985
Mi Consumers Energy Gas 2010-2011 RPC Freeze Case No. U-15986
M1 Consutners Energy Electric 2009-2011 RPC Freoze Cage No, U-15645
MI Michigan Gas Utilities Gas 2010-2011 RPC Freeze CaseNo. U-159%0
Ml Upper Peninsula Power Electrie 2019-2011 RPC Freeze Case No. U-15988
MN CenterPoint Energy Cas 2010-2013 RPC Freeze GR-08-1075
MT Northwestern Energy Electric 2011-2015 RPC Freeze Docker No. 2009.9.129
NC Public Service Co of NC Gas 2008-open RPC Freeze Docket No. G-5, Sub 495
NC Piedmont Natural Gas Gas 20038-0pen RPC Freeze Docket No. G-9, Sub 350
N3 New Jervey Gas Najurel Gas 20102013 RPC Freeze Docket GRO5121020
NJ South Jersey Gas Gas 2010-2013 RPC Freeze Docket GRO5121019
NV Southwest Gas (Gas 2009-open RP(! Freeze D-09-04603
NY Nisgara Mohawk Elestric 2011~open No RAM Case 10-E-0050
NY New York State Electric & Gas Electric & Gas 2010-2013 Stairstep Case 69-E-0715
NY Rochester Gas & Electric Electric & Gas 2010-2013 Stairstep Case 09-B-0717
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Table 5 {continued)
Jurisdiction Company Name Services Plan Years Revenue Adjustment Mechanism Cuse Refermce
NY Consgolidated Edigon Gas 2010-2013 Stairstep Cage 09-G-0793
NY Consolidated Edison Rlectric 20102013 Stairstep Caze 09-E-0428
NY Central Hudson G&E Electric & Gas 2010-2013 Stairstep Caze 09-E~0538
NY Orange & Rockland Utilities Gas 2009-2012 Stairstep Case 08-(3-1398
NY Niagara Mohewk Gas 2009-open RPC Freeze Case 08-G-0609
NY Orange & Rockland Utilities Electric 2008-2011 Stairstep Caze 07-E-0949
NY National Foel Gas Gas 2008-open RPC Freeze Case 07-G-0141
OR Nocthwest Natural Gas Gas 2009-2012 RP{ Freeze OrderNo. 07426
OR Portland General Eleciric Electric 2031-2013 RPC Freeze Order No, 10478
OR Cuscade Natural Gas Gas 2006-2010 RPC Freeze Order No, 06-191
™ Chattanooga Gas Gos 2010-2013 RPC Freeze Docket 09-0183
Ut Questar Gas CGas 2010-0pen RPC Freeze Docket No. 09-057-16
VA Washington Gas Light Gas 2010-2013 RPC Freeze Case No. PUE-2009-00064
VA Columbia Gas of Virginia Cias 2010-2012 RPC Freeze Case No. PUE-2609-00051
VA Virginia Natural Gas Guas 2009-2012 RPC Freeze Case No. PUE-2008-00060
VT Gireen Mountain Power Electric 2010-2013 Inflation Indexing Docket No. 7583
¥I Central Vermont Public Service Electric 2009-2011 Inflation Indexing Docket No. 7336
VT Vermont Gas Systems Gas 20072011 Hybrid Docket No. 7109
WA Avista Cias 200%-open RPC Freeze Docket UG-060318
WA Cascade Natural Gas Gas 2005-2010 RPC Freeze Dacket UG-060256
Wi Wisconsin Public Service Eleciric & Gas 2009-2012 RPC Freeze D-6690-UR-119
WY Questar Gas Gas 2009-2012 RPC Freeze Docket 30010-94-GR-08
WY SourceGas Distribution Gias 2011-open RPC Freeze Docket 30022-148-GR-10
Ausiralia
Power
Federal ElectraNet Transmisgion 2008-2012 Hybrid Final Decision (11 April 2008)
Power
Federal Powerlink Transmission 2007-2011 Hybrid Final Decision (14 June 2007}
Historical
Cansnda
BC Terasen Gas Gas 2008-2009 Hybrid Order G-33-07
BC Terasen Gas Gas 2004-2007 Hybrid Order G-31-03
BC BC Gus Cias 2000-2001 Hybrid Order G48-00
BC BC Gas Gas 1598-2000 Hybrid Order (3-85-97
BC BC Gas Ciag 1996-1997 Hybvid NiA
BC BC Gas Gas 1994-1995 Hybrid Order (5-59-94
United States
CA Pacific Gus & Electric Electric & Gas 2007-2010 Stairstep Decision 07-03-044
Ca Southem Catifornia Edison Flectric 2006-2008 Hyhrid Decision 06-05-016
CA San Diego Gas & Blectric Electric & Gas 2005-2007 Inflation Indexing Decision 05-03-023
CA Southem California Gas Gas 2005-2007 Inflation Indexing Decision 05-03-023
CA Southemn California Edison Electric 2004-2006 Hybrid Decision 04-07-022
CA Pacific Cas & Electric Gas & Blec Dx/Gen  2004.2006 Inflation Indexing Decision 04-05-053
CA Southem California Edison Electric 2002-2003 Inflation Indexing Decision 02-04-053
Ca Southem California Gas Gas 1998-2002 Inflation Indexing Decision 97-07-054
CA San Diego Gas & Electric Eleclric & Gas 1994-1999 Hybrid Decision 94-08-023
CA Pacific Gas & Electric Electric 1993-1995 Hybrid Decision 92-12-057
CA Southem California (as Gas 19901993 Hybrid Decision 90-01-016
CA Pacific Gas & Electrie Electric 1990-1992 Hybrid Decision 89-12-037
CA San Diego Gas & Electric Flectric 1589-1993 Hybrid Decision 89-11-068
CA Southesn California Edison Eleciric 1986-1991 Hybrid Detision 85-12-076
CA Southem California Gas Gas 1986-1989 Hybrid Decision 85-12-076
CA Pacific Gas & Electric Eleciric 1986-1989 Hybrid Decision 85-12-076
CA San Diego Gas & Electric Electric & Gas 1986-19388 Hybrid Decision §5-12-108
CA Pacific Gas & Electric Eleciric £984-1983 Hybrid Decision §3-12-068
CA PacifiCorp Electric 1984-1983 Stairstep Decigion §9-09-034
CA Southem California Edison Eleciric 1983-1984 Hybrid Decision 82-12-055
CA San Diego Gas & Elecinic Electric & Gas 1982-1983 Hybrid Decision 93892
CA Pacific Gas & Electric Electric & Gas 1982.1983 Hybrid Decision 93887
CA Southemn California Gas Gas 1981-1982 Stairstep Decigion 92497
CA Southern California Gas Gas 1979-1980 Stairstep Decision 89710
CA Pacific Gas & Electric QGas 1978-1981 No RAM Decigions 89316,91107
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Table 5 (continued)
Jurisdiction Company Name Services Plan Years Revenue Adjustment Mechanism (Case Reference
FL Florida Power Corporation Electric 19951997 RPC Frecze Docket 930444
D Idaho Power Electric 2007-2009 RPC Freeze Case No. IPC-E-04-15
ME Central Maine Power Electric 1991-1993 RPC Freeze Docket No. 90-083
MT Montana Power Company Flectric 1994-1998 RPC Freeze Daocket No, 93.6.24
NC Piedmont Natural Gas Gas 2003-2008 RPC Freeze Docket G-44 Sub 13
NJ New Jersey Gas Nahral Gas 2007-2010 RPL Freeze Docket GRO51214320
NJ Soutl Jerzey Gas Gas 2007-2010 RPC Freeze Docket GROS121019
NY Central Hudson G&E Gas 2009-opsn RPC Freeze Case 08-E-0888
NY Central Hudson G&E Electric 2009-open No RAM Case 08-E-0887
NY Consolidated Edison Electric 2008-open No RAM Case 07-E-0523
NY Consolidated Edison Gas 1007-2010 Stairstep Case 06-G-1332
NY Rochester Gas & Eleciric Eleciric 1993-1996 Stairstep Opinion No. 93-19
NY New Yok State Flectric & Gas Electric 1993-1993 Stairstep Opinion No. 93-22
NY Consolidated Edison Electric 1992-199% Stairstep Opinion No, 92-8
NY Long Island Lighting Company Flectric 1992-19%4 Stairstep Opinion No. 92-8
NY Orange & Rockland Utilities Electric 1991-1993 Stairstep Case 89-E-178
NY NiagaraMohawk Electric 1990-1992 Stairstep Case 94-E-0098
OH Vectren Energy Gas 2007-2009 RPC Freeze Case 05-1444-GA-UNC
OR Portland General Electric Elechric 2009-2010 RPC Freeze Qrder No. 09-020
OR Northwest Natoral Gas Clas 2003-2009 RPC Freeze QOrder No. 05-834
OR Northwest Natural Gas Gas 2002-2005 RPC Freeze Order No, 02-634
OR PucifiCorp Eleciric 1998-2001 Inflation Indexing Order No. 98-191
OR Portland General Electric Electric 1995-1996 Stairstep Order No. 95-0322
vT Questar Gas Gas 2006-2010 RPC Freeze Docket No. 05-057-T01
VT Green Mountain Power Electric 20072010 Siadrstep Daocket No, 7176
WA Avida Gas 2607-2009 RPC Freeze Docket UG-060518
WA Puget Sound & Power Electric 1991-1995 RPC Freeze Docket UE-901184-P
Austratia
Power
Federal EnergyAustralia Transmission 2004-2009 Hybrid File No: 82004/138
Power
Federal TransGrid Transmission 2004-2009 Hybrid File No: M2003/187
Power
Federal TlectraNet Transmission 2003-2007 Hybrid File No: C2001/1054
Power
Federal Powerlink Transmission 2002-2006 Hytbrid File No: 2000/639
Power
Federal EnergyAustralia Transm ission 1999.2004 Hybrid File Nu: CG98/118
Power
Federal TransGrid Transmission 1999-2004 Hybrid File No: C(G98/118
Power
Federal Snowy Monntains Transmission 19992004 Hybrid File No: 1999462
New Senth Wales Energy Australia Flectric 1999-2003 Hybrid WNEC Determination 99-1
New Seuth Wales Integral Energy Electric 1999-2003 Hybrid NEC Determination 99-1
New South Wales Advance Energy Electric 1999-2003 Hybrid NEC Determination 99-1
Now South Wales Great Southern Energy Electric 1999-2003 Hybrid NEC Determingion 99-1
New South Wales Narthem Electric Electiric 1999-2003 Hybrid NEC Determingtion 99-1
New South Wales Australian Inland Energy Electric 1999-2003 Hybrid NEC Detenninstion 99-1
Power
Tasmania Transcend Networks Transmission 2004-2008 Hybrid Fite No: C2001/1100
Power
Victoria SPI PowerNet Transmission 2003-2008 Hybrid File No: C250171093
Power
Victoria VENCorp Transmission 2003-2007 Hybrid File No: C2001/1093
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Table 6: Recent LRAM Precedents

Currently
State Company Services Effective Case Reference Name of Mechanlsm
7 Tiocket 07A-420 E.
CO  JPublic Bervice of Colorado Eletric Yes Decision C08-560
CT  |Connechicut Natural Sas Qas Yes Dodket No. 93-02-04 Conservation Adjustment Mechamsm (CaM)
CT  [Scuthem Connecticut Gas Qas Yes Diocket Mo, 230205 Conservation Adjustment Mechamatm (CAM)
¥ iDuke Enenpy Indixa (P81 Eisung Yer Causs No 43374
1§ lindisna-Mickigan Power Elsctrie Yo Cause 43527
KY [Defta Natural Cas Gas Yes Drovket Mo. 2008-00062 Conservation/Efficiency Program Cost Recovery
KY [Louswille Gas & Elednc Electric & OG83 Yoy Order Mo, 199300150-05101993 | Demand-Side Management Cost Kecovery hlechanisr
KY  |¥entucky Uilines Ejlecinic Yes Qrder Ho. 200000459-051101
Ky  {Duke Energ,zKeandty Elactric Yes Diockel Mo 95.321
MA E_eﬂcshire s v East Ghas Yas ?_.P.U 91154 Tocal Distribubion Adjustment Clause LDAC)
WA |Pidiburg Gas and Electric Lightiint Gt Yes TLBEU, 98-.3%
MA__|NSTAR Electric Elecke Tes DPU._10-06 Enerey Elicency Chsrge:
DPU 91.93
Ma,  |NSTAR Cag Gas Yoo DPU. 92.114
Ma  [Mew England Gas Coenpany Gas Yes DRU 0}.36 Local Distribution Adustment Clause LDAS
Docket Mo, D2004.6.90, Interim
T Nomgu_'estem Enscpy _E}erxnc No Order No €574
FC  {Duke Energy Curolinad Eledne Yes Decket No. E-7, Sub 831
Progress Energy arolinas (Carolina
NC |Power &Light) Blectnic Yes Docket No E-2, 3ub 931
MV |Hevada Energy Elecine Yes Ducket (907016
iDuke Energy Ohic (Cinannal Jas &
CH  [Eledric) Electnie Yes Docket No. 06.0081T.EL-UNGC  |Calted Energy Effictency Cost Recovery Rder
Cange Mo 200900146
QK  |Empire Distriet Electric Eledtric Yes Qrder 571326 Drernand Side Manapernent Cogt Recowery Mechanism
Cause No. 200600059
CE  |Oklahoma Gas & Blechric Electne Yes Crdey 556179 Class Lost Revenue Factor included in the Demand Frogram Rider
Cauge Mo 200803 144
OF  IPublic Service of Okishorna Fledne Tes Order 564437 Hoemand -Side Management. Jogk Reooy ey Mechanism
ON |UnienGas as Yes EB- 20070008 E.rwt Fevenue Adjudment Machauar
O |Ecbridge (us Distribudior Gas Yes EB-2007-061 % 1.od Fevenne Adpistment Macharusy
ON  [Teconio HydroEledric Elgetric Yes EB-2007-0004 Lot Ropenue Adjudment Mechanism
Ok |avista Ulilities Gas Yes Ordar 931891
Docket Mo, 2008-251-E
8 {Progress Energy Carolums Electric Yes Order 2009.313 Demand Side Management Cost Recow ery Mechenisi
Docket No. 2009-226.E
SC  1Duke Energy Carolinas Electne: Yes Cpder No. 2010-79
WY  iMoctsna-Dakota Ullibies Eledne Yes Docket No 20004-65-ET-06
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IV. Revenue Decoupling

Figure 5: Current LRAMSs by State

C. Fixed Variable Pricing

Fixed variable pricing is an approach to the design of base rates that increases the proportion of fixed costs
(costs that do not vary in the short run with system use) which is recovered through fixed charges (charges
that do not vary with the sales volume or peak demand). A straight fixed variable (“SFV”) rate design
recovers all fixed costs through fixed charges. A rate design that recovers a substantial but more limited
share of fixed costs through fixed charges is sometimes called modified fixed variable (“MFV”) pricing.
Most approved fixed variable rate designs implemented to date have involved the same fixed charge for all
customers in a service class. However, “sliding scale” rate designs have been developed which assign lower
fixed charges to customers who have historically had low volumes.

SFV pricing has been used on a large scale by the Federal Energy Regulatory Commission (“FERC”) since
the early 1990s to regulate natural gas pipelines. Precedents for fixed variable pricing in retail ratemaking
are shown in Figure 6 and Table 7. It can be seen that fixed variable retail pricing has to date been more
common for gas utilities than for electric utilities. Ohio is noteworthy for having recently switched from the
true up approach to decoupling to fixed variable pricing. In addition to the precedents listed here, several
states have in recent years made sizable steps in the direction of fixed variable pricing by redesigning rates
for small volume customers to raise customer charges and lower volumetric charges substantially. Fixed
charges are generally much higher for investor-owned utilities in Canada than in the United States.
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Most fixed variable rate designs feature uniform fixed charges within service classes, but utilities in at least
three states (Florida, Georgia, and Oklahoma) have fixed charges that vary in some rough fashion with

delivery volumes.

Figure 6: Fixed Variable Pricing Precedents by State
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Table 7: Fixed Variable Retail Pricing Precedents

Jurisdiction Company Name Services Years in Place Case Reference

CT Connecticat Light & Power Electiic 2007-0pen Docket 07-07-01

FL Peoples Gas Gas 2009-open Docket 080318-GU

GA Altanta Gas Light Gas 1998.0pen Docket No. 8390-U

1L Ameren CILCO Gas 2008-2012 Case 07-0588

1L Ameren CIPS Gas 2008-2012 Case 07-0589

IL Ameren 1P Gas 2008-2012 Case 07-05%0

1L Nicor Gas Gas 2009-0open Docket No. 08-0363

MO Atmos Energy Gas 2007-2010 Case GR-2006-0387

MO Atmos Energy Gias 2010-0pen Case No. GR-2010-0192

MO Empire District Gas Gas 2010-open Case GR-2009-0434

MO Missoun Gas Energy Gas 2007-open Case GR-2006-0422

MO Laclede Gas Gas 2002-open Case GR-2002-356

Occurred over period

MS Mississippi Power Electric of years No specific case

ND Xcel Energy Gas 2005-open Case PU-04.578

OH Duke Energy Ohio (CG&E} Gas 2008-open Case 07-590-GA-ALT

OH Dominion East Ohio Gas 2008-2010 Case 07-830-GA-ALT

OH Columbia Gas Gas 2008-open Case 08-0072-GA-AIR

OH Vectren Energy Delivery of Chio Gas 2009-open Case 07-1080-GA-AIR

Cause Nos. PUD 2004-00610,

PUD 201000048, PUD

OK Oklahoma Natural Gas Gas 2004-open 200900110
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V. Formula Rates

A formula rate plan (“FRP”) is essentially a wide-scope tracker mechanism that is designed to help a utility’s
revenue track its pro forma cost of service. When a company’s revenue and cost are not in balance, its
realized ROE deviates from the target set by regulators, and earnings surpluses or deficits occur. FRPs have
earnings true up mechanisms that adjust rates so as to reduce or eliminate such earnings variances.

The earnings true up mechanism in an FRP calculates the revenue adjustment necessary to reduce or
eliminate earnings variances. Some compare the eamed ROE to the target (a/k/a benchmark) ROE, and then
calculate the rate adjustment needed to reduce the ROE variance. Another approach is to adjust rates for the
difference between revenue and a pro forma cost of service that is calculated using the ROE target. Both
approaches typically add interest to the revenue adjustment. Earnings true up mechanisms in FRPs
commonly move the ROE all, or almost all, of the way to its regulated target. This is an important
distinction between an FRP earnings true up mechanism and the earnings sharing mechanisms found in some

multiyear rate and revenue caps.

The earnings impacts of certain business conditions are typically handled outside of the FRP. The excluded
business conditions are often addressed by separate trackers. Ultilities operating under FRPs must
occasionally make major plant additions. Budgets for major plant additions are generally determined outside
the FRP mechanism through, for example, hearings on certificates of public convenience and necessity.
Mechanisms are sometimes added to an FRP to encourage better operating performance in targeted areas.
An example is an index-based limit on the escalation of O&M expenses. |

The FERC accounts for the lion’s share of FRP precedents today, as it has in the past. Formula rates have
been used at the FERC and its predecessor, the Federal Power Commission, to regulate interstate services of
gas and electric utilities since at least 1950. Use of FRPs by the FERC was encouraged in the 1970s and
early 1980s by rapid input price inflation. Despite slower inflation in recent years, the FERC’s use of
formula rates has rebounded in the power transmission industry, encouraged by national policies that
promote transmission investment.

Precedents for retail formula rates, which recover costs of generation and/or distribution, are shown in Table
8 and Figure 7. It can be seen that formula rate plans for retail utility services are operative today in the
Southeast and Southern Plains states. Alabama was an early innovator, approving “Rate Stabilization and
Equalization” plans for Alabama Power and Alabama Gas in the early 1980s. Formula rates are,
additionally, now used to regulate electric utilities in Mississippi, some gas and electric utilities in Louisiana,
and some gas utilities in Oklahoma, Texas, and South Carolina. Utilities in some additional states have
formula rate plans to recover their transmission costs from retail customers.
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Table 8: Retail Formula Rate Plan Precedents
Jurisdiction Company Name Services Plan Name Plan Term Case Reference
Rate Stabilization &
Bundled Power | Equalizabion Factor (Rate Dodeats No. 18117 and 18416 (Oclober
AL Alabama Powe Semvie REE 2006-0pen 2005
Kate Statilization &
Bundied Power | Equalizaticn Factor (Rate Doclets Ho. 18117 and 18416 (ddarch
AL Alsbanm Power Service RSE) 2002-2008 2002)
Rate Stabilization &
Bundled Power | Equalization Faclor (Rate Deckets Mo, 18117 and 18416 (March
AL Alabama Powar Sewvize REE) 1958-2002 1998)
Eate Stabilizsbon &
Bundied Power | Equalization Factor (Rate Diockets Wo. 18117 and 18418 (March
AL Alabarmna Power Bavice B L 199¢ 19D
Rate Stabilization &
Bundled Pawer | Equatizabion Facter (Rate Dodels Mo 18117 imd 12416 (June
AL Adabapn Power Servige REE) 1985- 1000 1995%
Kats Stabilization &
Bundled Power | Equalization Factor (Rate Tiockets Ho, 1117 and 18416 Hovember
AL Alabama Power Service RSEY 1952-1985 1997
Rate Stabilization &
Fepmlization Factor (Rate Trockete Wo. 19406 and 18328 (December
Al Alabama (s Jas jion] 20082014 2007)
Rats Stabilization &
Equalization Fuctor (Rate Dodkats Ho 19046 snd 18328 Gune
Al Alabama Ong (iag KRE} 20072007 2002
Rate Stabilization &
Equalization Factor (Rate Dockets Mo 13046 and 18328 (October
AL Alakamn Cas C¥ys ESE 15962001 1996}
Fate Slablization &
Equalization Factor (Rate Dockats No 13046 and 19326 (December
AL Alabarna s Gas REES 1991-1994 199G)
Rate Stabilization &
Equalization Facter (Rate Dworckets Mo 18044 and 18328
AL Alabarnn Gas s REE} 19€7.1990 {September 1987)
Eate Statahization &
Equalization Factor (Rate Dockets o, 10046 and 18328 (May
AL Alabana Gus € REEY 1985-19%7 1965)
Este Stabilizatica &
Equalization Factor (Rate Docirets Mo 13046 and 18322 (January
AL Alabarmna Gag Qas Rk 1983-1993 Hera)
Rate Stabilization &
Equalization Factor (Rate
AL Mobile Gas Sevice G4as RSE) 20092013 Tiocket 29101 (Decernber 200%)
Rate Stabilizaticn &
Equalization Factor {Rate
AL Mobile Cas Sarvice Gas RIE Q-0 Docket 26101 June 20053
Rate Stabilization &
Equalization Factor (Rale
Al Mobile 3as Service Gas R3E) 2001-2005 Docket 28761 (fune 2002)
LA Atmes Enengy - Letiziana Oas Service (Fas Rate Stababizabion Plan 2005-oneny Tracket Ne, U-21434 dday 20063
iy Atmos Energy - Tcuiziang Gas Service 383 Rate Stabilimten Plan 20612003 Docket Yo 1121484 (nuary 2001)
Trackd Mo U-28814 and U.2858% and U-
L Afros Energy - Trans Louisiana Bus Gas Rate Stabilization Plan 2006-0pen 25587(May 2006)
LA Eatargy Mew Crlsans Elentrs: and (has Fomwla Rate Flan 2010-2012 Todeet Mo, UD-OE-03 (April 2008
LA Entergy Naw Orleans Electne cnly Formula Rate ¥lan 2004-2005 Dovket Mo, UE-01-04 OMay 2003)
Bundled Power (Formula Rate Plan 3 (FRP
ME Katergy Mississipp: Sevice 5 2010.0pen Docket Mo, 2009-UH- 388 (March 2010}
Bundled Power | Petfocmence Evaluation Drodcd Mo, 2063 0M-6698 (lovanher
M Mississingl Power Service Plari - 5 FEP-5) 2010-0pen 2009
Bundied Power | Performance Evaluation
ME Micsissinp Power Service Plar - 44, (FEP-44) 2005 Procked Mo, 06-TRE0S1T Clanusry 20095
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V. Formula Rates

Figure 7: Current Retail Formula Rate Precedents by State
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VI. Forward Test Years

General rate cases involve test years in which revenue requirements and billing determinants are jointly
considered in fashioning new rates. A historical test year ends before the rate case is filed. A forward (a/k/a
forecasted) test year (“FTY”) is a twelve month period that begins after the rate case is filed. The test year
typically begins about the time that the rate case is expected to end.

Historical test years are chronically uncompensatory when cost has a tendency to grow more rapidly than
billing determinants. Annual rate cases can alleviate but not eliminate underearning. Where historical test
years are used in rate cases there are thus added advantages from implementing other innovations discussed
in this paper, such as capex trackers, multiyear rate and revenue caps, and/or some form of revenue

decoupling.

Forward test years were adopted in many jurisdictions during the 1970s and 1980s when rapid input price
inflation and major plant additions coincided with slower growth in average use. Commissions in several
additional states have recently moved in the direction of forward test years. Many of these states are in the
West, where comparatively rapid economic growth has required more rapid buildout of utility infrastructure.

Current state policies concerning test years are summarized in Figure 8 and Table 9. The ranks of U.S.
jurisdictions that use alternatives to historical test years have swollen and now encompass well over half of
the total. The “other” category in Figure 8 includes states that use FTYs for some utilities and historical test
years for others (e.g. Illinois), states that are transitioning towards forward test years (e.g. New Mexico and
Utah), states that use hybrid test years with some but not all months forecasted (e.g. Pennsylvania and
Idaho), and states that have used FTYs in the past but don’t currently use them (e.g. Delaware).
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VI. Forward Test Years

Figure 8: Test Year Policy by State
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Table 9: Test Year Approaches of U.S. Jurisdictions

Forward {15)

State

Notes

Alabama
California
Connecticut
FERC
Florida
Georgia
Hawai
Maine
Michigan
Mirmesola

MNew York
Qregon
Rhote island
Tennesses
wWisconsin

Ubiihes operats under farwardlogking formula rate pians

Cost is based on a higtonca test vear thet iS escalated (o @ future rate year
Brate cases use fonward test vears while formida rate plans tend o use HiYs

Cogt is based on @ historica test year ihat is excalated to a lulure rate year

Cost is based on @ historical test year that is escalated Lo a fulure rate year

Hybrid {4)

State Notes
Arkanseas
Ohio
Neow Jersey
Pennsylvama

Transitional/Varying (14

Utility Name - Notes

Colorado Pubhic SONICe Of COorann can e F 1Y evidence. No F1Y rates have yel been approved Dut the
most recent case made extraordinary HTY adjustrnents.
District of Columpia PEPCO has fited rate cases using bath hybrid and historical test years recently
Dolawars Befors restructurng FTY flings wers common, but companies heve used HTY in recent filings
ldanhs
Hincis Utilibes use various test years ncluding FTYs
Kentugky Utilihes use vanous test yeears includng FTYs
{angianag Claco Power frequently uses hybrid test years. Entergy New Qrleans recently had a hybrid test
yaar approved via seftlernant
Maryiend Eialtimors Gas & Electng tends o file hybnd tet years while aihier utilities tend to tity histoncal test
years
Mississippi One glectic uliity operaes under aforwardlooking formula rate plan
Mhissouri Utilibes hiave the aplion Lo file hybrid year forecests that are trued up during the course of the
proceeding
Noew Mexico A recently passed lew allows for use of FTY, bul no rate increase based on FTY evidencs has yet
been approved
North Dalccta Utilities uss various test years includng FTYs
Utah Testyear selection 15 part of the rate case and can be contested. Severd recent rate cases have
used FTYs,

Wyarming Rocky Mountain Power has recently had FTYs approved

Utility Name Netes
Alaska
Arizona
Indiana
jowa
Kanseas
Massachusells
Montana
Nabraska Nebraska has no slectric I0OUs in its jurisdiction. Gas companies are legally authorized 1o uss

ETYs but commaonly use HTYS.

Movada
MNew Hampsghire
Morth Carglina
Jklahoma
South Carctina
Bouth Dakota
Texas
Vermaor
Virginia
Washington
Wast Virginia
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VIl. Conclusions

Regulation of North American energy utilities is evolving to address the problem of regulatory lag.
Innovations are occurring, and some older variants on traditional regulation are again finding favor.
Approaches detailed in this report are sometimes used in combination. A capex tracker for AMI may, for
example, be combined with a forward test year or a multiyear rate or revenue cap.

The variety of approaches that have been established reflects the varied circumstances of individual utilities.
Some are vertically integrated, while others are more specialized power distributors. Investment needs and
trends in average use vary greatly. No single approach is right for every situation. The availability of
multiple remedies for the underlying problems increases the chance that an approach has already been tried
that fits the situation of almost any electric utility. Numerous precedents for an approach should raise
confidence that it makes good sense under fairly common circumstances.

Taken together, the many innovations described in this survey can encourage utilities to make smart
investments, reduce long run costs, and improve service quality without rate shock or unnecessarily frequent
rate cases. Utilities can be encouraged to promote energy efficiency and peak load management
aggressively. Stakeholders to regulation across America should give priority attention to these options and
consider which combination of remedies to regulatory lag works best in their situation.
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The Edison Electric Institute (EEI) is the association of U.S.
shareholder-owned electric companies. Our members serve
95% of the ultimate customers in the shareholder-owned seg-
ment of the industry, and represent approximately 70% of the
U.S. electric power industry. We also have as Affiliate mem-
bers more than 80 International electric companies, and as
Associate members more than 200 industry suppliers and
related organizations,

Organized in 1933, EEI works closely with all of its mem-
bers, representing their interests and advocating equitable
policies in legislative and regulatory arenas.

EE] provides public policy leadership, critical industry data,
market opportunities, strategic business intelligence, one-
of-a-kind conferences and forums, and top-notch products
~and services. |

For more information on EEl programs and activities,
products and services, or membership, visit our Web site at
www.eel.org.
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